January 19, 2001

MEMORANDUM

SUBJECT: BACT and LAER for Emissions of Nitrogen Oxides and Volatile Organic
Compounds at Tier 2/Gasoline Sulfur Refinery Projects

FROM: John S. Seitz, Director (signed by John S. Seitz)
Office of Air Quality Planning and Standards (MD-10)

TO: Air Division Directors, Regions I-X

Background

On February 10, 2000, EPA issued new emissions standards (“ Tier 2 standards’) for al
passenger vehicles, including sport utility vehicles, minivans, vans, and pick-up trucks. As part of
this program, EPA also set new standards to significantly reduce the sulfur content in gasoline.
These standards require that most refiners meet a corporate average gasoline sulfur standard of
120 ppm and a cap of 300 ppm beginning in 2004. In 2005, most refiners will have to produce
gasoline meeting a 30 ppm average sulfur level. By 2006, most refiners will need to meet a 30
ppm average sulfur level, and an 80 ppm cap.*

In order to meet the new low-sulfur gasoline requirements, some refiners will have to
make changes to their existing facilities. It islikely that some of these changes will be subject to
the major new source review (NSR) preconstruction permitting requirements under either part C
or D of the Clean Air Act, or both. The refiners subject to major NSR will be required to
undergo a pollution control technology evaluation which calls for alevel of control equivaent to
the best available control technology (BACT) or the lowest achievable emission rate (LAER),
depending on the applicable NSR program requirements.

'Some exceptions apply for small refiners and gasoline produced for sale in parts of the
Western United States. For afull description of the program, see the final rule published on
February 10, 2000 (65 FR 6698).
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To provide greater certainty and to help expedite the NSR permitting process for refinery
projects undertaken to comply with the gasoline sulfur standards, EPA believesit would be
beneficia to issue Federal guidance on what levels of control can be reasonably anticipated to
represent BACT or LAER, as applicable, under the major new source review requirements.
Specifically, this guidance is intended to set forth levels of control that, in our view, would
generaly be considered to satisfy the BACT or LAER requirements for certain emission units and
pollutants associated with required refinery desulfurization projects. Accordingly, when a
permitting authority makes a BACT or LAER determination consistent with the recommendations
contained in this guidance, it is very unlikely that EPA would comment adversely on such finding.
Thus, while State and local permitting agencies are not required to apply this guidancein
establishing BACT or LAER, the guidance is designed to help add certainty about EPA’s general
perspective and expectations as to the applicable technology requirements for BACT or LAER for
types of refinery emissions units identified herein.

The control technology information discussed in this guidance is based on information and
analyses contained in the attached report titled “Petroleum Refinery Tier 2 BACT Analysis
Report.” A draft report was made available on the Internet for public review on March 20, 2000.
Comments received as a result of that opportunity caused us to perform additional analysesfor a
number of issues. The results of these analyses have been taken into account in the
recommendations contained in this guidance, as well asin the fina report which accompanies this
guidance memorandum.

It isimportant to note that applying this guidance for selecting BACT and LAER may not
be appropriate in al cases because of unique circumstances that may exist at individual refineries.
The NSR program requires a case-by-case analysis of BACT and LAER. Thisguidanceis
designed to provide information to permitting authorities in order to streamline that process. In
specific cases, the unique site-specific circumstances at individua refineries may warrant a
different level of control than that suggested by the analysis upon which this general guidanceis
based. For example, where additional or new information presented by the applicant or public
becomes available, within the context of the processing of a specific permit application, it should
also be considered when doing the BACT or LAER evauation.

BACT and LAER for NOx emissions from Refinery Heaters

Based on our review of the information in the attached report, it is EPA’sbelief that an
emissions rate of 7 ppmv of NOx should generally be considered as LAER for NOx emissions
from new refinery process heaters. Refiners can achieve thislevel of control through a
combination of combustion controls (low-NOx burners with internal flue gas recirculation) and
selective catalytic reduction (SCR).

The emissions rate representing BACT, however, will tend to vary as a function of the size
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of the new heater being installed at the refinery and whether the baseline heater design includes
forced air (mechanical) draft rather than natural draft. Heater size and air draft design have been
shown to significantly influence the cost-per-ton-removal calculations used for determining
whether aNOx control aternativeis cost effective. 1f mechanical draft is not otherwise
appropriate for the process heater, then its cost as part of the installation of SCR can make the
incremental cost economically infeasible for smaller sized heaters.

Thus, using an upper cost effectiveness threshold of $10,000 per ton of NOx controlled,
we believe that the following maximum emissions levels would generally represent BACT for the
five sizes of new process heaters which we evaluated:

a. 7 ppmv (0.0085 Ib/MMBLtu) of NOx for new refinery process heaters —

» 75 MMBtu/hr or greater, with a baseline design that includes mechanica draft, and
e 150 MMBtu/hr or greater, with a baseline design that does not include mechanical
draft.

The attached study shows that refinery process heaters can achieve alevel of control equal to or
better than 7 ppmv of NOx with a combination of combustion controls (Ilow-NOx burners with
internal flue gas recirculation) and SCR.

b. 29 ppmv (0.035 Ib/MMBtu) of NOx for new refinery process heaters —

* 50 MMBtu/hr or less, with a baseline design that includes mechanical draft, and
* 150 MMBtu/hr or less, with a baseline design that does not include mechanical draft.

Available information indicates that refinery process heaters can achieve alevel of control of 29
ppmv or better of NOx by installing combustion controls (low-NOx burners with internal flue gas
recirculation).

As the attached report indicates, certain circumstances that could affect individual refinery
projects may cause BACT analysis results to differ from EPA’s recommendations. Consequently,
such circumstances should be reviewed on a case-by-case basis by the permitting authority. For
example, problems with fouling of the catalyst used in the SCR process may occur over a period
of time when the sulfur content of the refinery fuel gasis higher than normal and other unique
conditions within the process heater exist. (See related discussion of catalyst fouling on page 3-
20 in the attached technical report.) To avoid the fouling problem, the refiner may need to
purchase additional natural gas or take steps to remove some of the excess sulfur from the
refinery gas. Either approach will likely produce additional expenses which could significantly
ater the BACT cost analysis.
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The EPA expects that refineries will likely be able to avoid the application of mgor NSR
to individual or multiple new refinery process heaters of less than 50 MMBTU by controlling
emissionsto levels below the 40 tons per year significance level for amaor modification of NOXx.
Consequently, we do not believe it is appropriate to provide a position on BACT for such small
refinery process heaters at thistime. Should the need arise for Federal guidance on BACT for
these small heaters within the context of permitting refinery gasoline desulfurization, we will
consider issuing supplemental guidance on a later date.

BACT and LAER for VOC emissions from Refinery Equipment

After areview of the information contained in the attached report, it is EPA’s belief that
for VOC emissions from hydrotreaters and hydrogen units, at both large and small refiners,
compliance with an equipment leak control program (equipment modifications, and leak detection
and repair) equivalent to the Hazardous Organic National (HON) Emission Standards for
Hazardous Air Pollutants (40 CFR Part 63 Subpart H) would generally represent BACT. Thisis
the most stringent control level achievable for VOCs from these units. In evaluating whether
compliance with requirements equivalent to the HON would generally represent BACT, EPA
considered the incremental and average cost of the control strategy as well as any associated
energy and environmental impacts. No adverse impacts were found to be associated with the
most effective control option.

The control option represents the most stringent control level achieved or contained in a
SIP, it therefore also represents LAER for those units.

Effect of Guidance

The statutory provisions and regulations described in this document contain legally binding
requirements. This document does not substitute for those provisions or regulations, nor isit a
regulation itself. The policies set out in this memorandum do not represent final Agency action,
and are intended as guidance only. Thus, this document does not impose legally binding
requirements on EPA, permitting authorities, or the regulated community, and it may not apply to
a particular situation based upon the circumstances. The EPA and permitting authority decision
makers retain the discretion to adopt approaches on a case-by-case basis that differ from this
guidance. Any decisions regarding a particular facility will be made based on the statute and
regulations. The analysis undertaken applies only prospectively and only to major NSR permit
applications for gasoline desulfurization related projects that have been determined to be complete
by the relevant permitting authority no later than 18 months from the date of this memorandum.
The EPA may change this guidance at any time without public notice.

The EPA will continue to evaluate the need for further guidance on BACT and LAER
determinations for emission units and other pollutants (e.g., SO,) associated with refinery
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desulfurization projects undertaken to comply with Tier 2 requirements and, as necessary, may
issue additional guidance in the future.

Distribution/Further | nformation

We are asking Regiona Offices to promptly send this memorandum with attachment to
State and local permitting agencies within their jurisdiction. Questions concerning the application
of this guidance to specific BACT or LAER determinations and cases should be directed to the
appropriate EPA Regional Office. Regiona Office staff may contact Dan deRoeck of the
Integrated Implementation Group at 919-541-5593, if they have any questions. This document,
including the referenced attachment, is aso available on the Internet at
http://www.epa.gov/ttn/nsr, under “What's New on NSR.”

Attachment
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1.0 BACKGROUND AND PURPOSE

1. What arethetier 2 standards?

Tier 2 standards will significantly reduce exhaust gas emissions from cars and light trucks,
including sport utility vehicles, minivans, and pickup trucks. Automakers must produce cars and
light trucks that emit lower levels of nitrogen oxides (NO,) and particulate matter (PM) beginning
with the 2004 model year. As part of the Tier 2 program, refineries must produce gasoline with a
lower sulfur content, because sulfur in gasoline significantly impairs vehicle emissions control
systems and contributes to harmful air pollution. Accordingly, most refineries must meet an
average gasoline sulfur level of 30 ppm beginning in 2005, compared to a current average of
approximately 270 ppm. Small refiners will have additiona time to comply. More information on
Tier 2 standards can be found in the Federal Register (65 FR 6698, February 10, 2000) and on

the Tier 2 website (http://www.epa.gov/oms/tr2home.htm).

2. Why might refineries need to get New Source Review (NSR)/Prevention of Significant

Deterioration (PSD) permits?

To remove more sulfur from gasoline, many refineries will need to add equipment and
make other changes to their processes which could trigger major New Source Review (NSR)
requirements. Some specific types of anticipated changes are described in Section 2.0. These
changes could result in a“significant” net increase in emissions of nitrogen oxides (NO,) at many
refineries. In some cases, increases in emissions of other pollutants such as volatile organic
compounds (VOC), carbon monoxide (CO), or sulfur dioxide (SO,) could also be significant.
Therefore, these process changes may qualify as a“major modification” under the mgjor NSR
program. Before a major modification can be made, the source must undergo a preconstruction
review and obtain a permit. The details of the preconstruction review vary depending on the air
quality status of the area where the source islocated. Sources located in areas where the National
Ambient Air Quality Standards (NAAQS) are exceeded (nonattainment areas) must obtain
nonattainment area (NAA) NSR permits. Sources in attainment areas must obtain Prevention of
Significant Deterioration (PSD) permits. Collectively, the preconstruction review program,
including both PSD and NAA permit reviews is referred to as the NSR program.
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There are specific definitions, calculation methods, and policies for determining what
changes are considered “modifications’, whether a*“significant” net emissions increase will occur,
and whether a PSD or NAA NSR permit is needed. For information on these topics, PSD and
NAA review processes, and the NSR program in generd, refer to:

. 40 CFR Parts 51 and 52: Sections 51.165(a), 51.166, and 52.21.

. New Source Review Workshop Manual (1990 draft)
(http://www.epa.gov/ttn/nsr/gen/wkshpman.pdf).

. New Source Review Website (http://www.epa.gov/ttn/nsr/).

A key part of the NSR permitting process is a control technology assessment. Refineries
obtaining NAA permits must meet the Lowest Achievable Emission Rate (LAER). Refineries
obtaining PSD permits must install the Best Available Control Technology (BACT).

Both BACT and LAER are case by case decisons. Under the Clean Air Act (CAA), BACT is“an
emissions limitation...based on the maximum degree of reduction of each pollutant...which the
Administrator, on a case-by-case basis, taking into account energy, environmental, and economic
impacts and other costs, determinesis achievable...”[Section 169(3) of the CAA]. BACT
decisions are based on analyses of the technical feasibility, control efficiency, and costs of
emission control techniques and other relevant factors. A process for determining BACT is
described in the NSR Workshop Manual.! Under the CAA, LAER isthe most stringent emission
limitation derived from either: (1) the most stringent limit contained in the implementation plan of
any state for the same category of source or (2) the most stringent emission limit achieved in
practice [Section 171(3) of the CAA].

3. What information does this document present?

This document provides technical information to assist permit applicants, permitting
authorities and the public in evaluating BACT and LAER for certain refinery emission units. It
also identifies the changes refineries are likely to make to meet the Tier 2 gasoline standards. The
pollutants and equipment most likely to trigger the need for PSD or NAA NSR permits at such

refineries are:
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. NO, emissions from new process heaters.

. VOC emissions from equipment leaks at new hydrotreating units and hydrogen
plants.

This document identifies control technologies for these pollutants and emission sources as

well as technical feasibility, control efficiency and cost information.

For each pollutant, we have organized the technical information to follow the first four

stepsin the BACT analysis process in EPA’s NSR workshop manua as follows:

Identify all control technologies.
Eliminate technically infeasible options.

Rank remaining technologies by control efficiency.

p wDn R

Evaluate most cost-effective controls.

The information on the control efficiency of the best control technologies may aso be useful for
LAER determinations.

Other emission increases may occur from refineries complying with the Tier 2 standards.
These include emissions of particulate matter (PM) from oil-fired heaters, emissions from boilers,
emissions of CO from process heaters, and emissions of SO, from various process changes. This
document does not contain quantitative BACT analyses for these pollutants and sources.
However, PM emissions, CO emission increases, and possible emissions of various pollutants
from increased fuel consumption by boilersin the refinery power plant are qualitatively discussed
in Section 5.0. Potential sources of increased sulfur dioxide (SO,) emissions are identified in
Section 2.0, but are not discussed in detail.

The remainder of this document is organized into the following sections:

Section 2.0  Overview of Possible Changes to Refinery Processes and Emissions
Section 3.0  Process Heater NO, Control Analysis
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Section4.0  Equipment Leaks VOC Control Analysis
Section 5.0  Other Pollutants and Emission Sources
Section 6.0 References
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20 OVERVIEW OF POSSIBLE CHANGESTO REFINERY PROCESSES AND
EMISSIONS

Because the Tier 2 standards include the requirement that the sulfur content of gasoline
be reduced, most refiners will have to increase the amount of sulfur removed during the gasoline
production process. To reduce sulfur in gasoline, it islikely that most refineries will treat the
gasoline streams after they are produced by the fluidized catalytic cracking unit (FCCU).
However, it is possible that some refineries could instead treat the feed stream to the FCCU. By
treating the feed stream, the sulfur content of the gasoline produced by the FCCU would be
lower. A genera flow diagram of atypical desulfurization system is shown in Figure 2-1 and
explained below. This diagram depicts desulfurization of gasoline after production by the FCCU,
but the same basic process would be used if arefinery were to choose to treat the FCCU feed

Stream.

Sulfur istypically removed through a process called hydrodesulfurization, which is aso
referred to as hydrotreating. There are avariety of hydrotreating unit designs, but all use the
same basic process. A gasoline stream is fed to the hydrotreating unit and heated in a non-contact
heater. The heated gasoline is mixed with hydrogen and fed to areactor containing a catalyst.
Hydrogen is supplied from either an adjacent facility, other process units that produce hydrogen
as a by-product, or a hydrogen production plant on site. 1n the presence of the catalyst, the
hydrogen and sulfur in the gasoline stream react to form hydrogen sulfide (H,S). The stream
leaving the reactor is cooled and separated into a desulfurized gasoline stream and a gas stream

(called sour gas) that contains the H,S as well as methane and other light hydrocarbons.

Typically, the sour gas stream is treated in an amine treatment unit to remove and recover
hydrogen sulfide (H,S). The clean gas from the amine treatment unit is used in the refinery as fuel
gas for process heaters and boilers. The H,S stream from the amine treatment unit isfed to a
sulfur recovery unit to recover elemental sulfur. The tail gas from the sulfur recovery unit may be
treated to remove additional sulfur compounds before it is emitted to the atmosphere. Severa of
these process units produce sour water, i.e., water that contains H,S. The H,Sistypicaly

removed from the water by a steam stripper, often referred to as a sour water stripper.
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The amount of hydrotreating and hydrogen plant capacity that each refinery will need to
add to meet the Tier 2 gasoline standards depends on factors such as the size of the refinery,
which streams they choose to treat, current gasoline sulfur levels, and the amount of excess
capacity the current process units may have. Many refineries likely will add new hydrotreating

units and hydrogen plants, although some will modify existing units to increase their capacity.

Depending on the type of process used, hydrotreating may reduce the octane rating of the
treated gasoline. In order to achieve the octane rating required by the refinery, some gasoline
streams may be routed to a catalytic reformer to increase the octane rating. In the catalytic
reforming process, a gasoline or naphtha stream is mixed with hydrogen, heated in a non-contact
heater, and fed to a hydrotreater for desulfurization and denitrification. The stream is then routed
to areactor containing catalyst. A variety of reactions occur to produce a high-octane product as
well as hydrogen, light gases, and liquefied petroleum gas (LPG) as byproducts. It is anticipated
those refineries that will need to compensate for octane losses due to hydrotreating will do so
using existing reformer capacity. Because not all refineries will require additional reforming and
those that do will be likely to use existing reformer capacity, this analysis does not specifically
address catalytic reforming units.

Increases in hydrotreating, hydrogen production, sour gas treatment, and sulfur recovery
can result in increases in criteria pollutant emissions at arefinery. In Table 2-1, specific sources
of possible increasesin NO,, CO, SO,, VOC, and PM emissions are presented. The potential

sources of these emissions are discussed below.

Process Heaters in the Hydrotreating Unit and Hydrogen Plant (NO,, CO, SO,, VOC,
PM): Whenever hydrotreating capacity is increased, additional heat will be needed for the

process. Thus, unless there is significant excess capacity in existing heaters, new process heaters
are likely to be added. Fuel consumption will increase as process heaters are added or existing
heaters are run at higher rates to heat the gasoline fed to the hydrotreater. Because the refinery
may need to increase hydrogen production to supply the additional hydrotreating capacity, fuel
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consumption for process heaters used for hydrogen production would aso increase and new
heaters are likely to be added.”

Increased fuel combustion in process heaters will result in increases in NO,, CO, and SO,
emissions. Asshown in Table 2-1, this document provides quantitative information on NO,
emissions from new hydrotreater and hydrogen plant heaters, and presents an analysis of
applicable control techniques. For thisanalysis, it is assumed that new process heaters will burn
refinery fuel gas or natural gas. For these fuels, increasesin VOC and PM will be minimal relative
to PSD significance levels. Emissions of CO could be significant only at very large refineries that
add alarge amount of heater capacity, as described in Section 5.0. If heaters burn fud oil, PM

emission increases must be considered, as discussed in Section 5.0.

Equipment Leaks (VOC): The addition or modification of process units such as

hydrotreating units and hydrogen plants will result in increasesin VOC emissions due to leaks
from added equipment. Pumps, valves, compressors, connectors, and other equipment used for
process streams that contain organic compounds can leak and emit VOC. Depending on the
process, these leaks may also contain hazardous air pollutants (HAP). This document quantifies
equipment leak emissions from new hydrotreating units and hydrogen plants and presents an

analysis of control options.

Bailers (NO,, CO, SO,, VOC, PM): Fuel consumption in boilers will increase as

electricity and steam demands increase due to the addition and/or expansion of process unitsto
comply with the Tier 2 standards. Electricity and steam are typically supplied by on-site power
plants that supply steam and electricity to the entire refinery. Power plant boilers may be fired

with refinery fuel gas, natural gas, or fuel oil. In most cases, the additional steam and electricity

can probably be supplied by increasing fuel consumption in existing refinery power plant boilers.

"Hydrogen is typically produced using a steam reforming process. The processincludes
feeding light hydrocarbons (C1's through C4's) and steam through catalyst-filled tubesin a
specialized heater called areformer.
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Table 2- 1. Possible Sources of Emission Increases Due to Additional Hydrotreating

Unit NOx CcO SO2 VOC PM
hydrotreating heater heater heater equipment lesks,| heater®
unit heater
hydrogen plant heater heater heater equipment lesks,| heater®

CO, vent®
amine treatment equipment leaks
unit
sulfur recovery tall gas
unit (including
tailgas treatment
unit)
sour water equipment leaks,
stripper flash drum vent*
utilities (refinery boilers boilers boilers boilers boilers
power plant)
refinery fuel gas process heaters
system® and boilers

Shading indicates that a quantitative BACT anaysisisincluded in this document.

®PM emissions are not expected for gas-fired heaters. If anew oil-fired heater isinstalled, PM
should be assessed.

PCarbon dioxide (CO,) vent exists only if steam reformer is used to generate hydrogen. It may
contain low levels of VOC.

“This vent contains inert gases and may contain VOC, but it may be routed within the refinery for

recovery rather than vented to the atmosphere.

4 sour gas from the hydrotreating unit is handled in such away that it increases the H,S content
of the refinery fuel gas, then combustion devices throughout the plant that burn refinery fuel gas

will emit additional SO.,.
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This document does not present quantitative analyses of boiler emissions, but they are briefly
discussed in Section 5.0.

Refinery Fuel Gas and Sulfur Recovery Unit Tail Gas (SO,): The removal of additiona

sulfur from gasoline means the sulfur level in the sour gas stream from the hydrotreating unit will

increase. If hydrotreating operations increase and no other changes are made to the design or
operation of downstream units, then SO, emissions will increase. For example, if the amine unit is
not upgraded, the amine unit will not be able to remove all of the additional sulfur in the sour gas
and the amount of sulfur remaining in the refinery fuel gas will increase. Consequently, when this
fuel gasisburned, SO, emissions will increase across the refinery in any boiler or heater burning
the higher sulfur fuel gas. To avoid increasing SO, emissions, arefinery may need to expand an
amine treating unit or add a new unit to remove additional H,S from sour gas produced by the
hydrotreater. A sulfur recovery unit may also need to be expanded or a new unit added to
recover sulfur from the H,S stream from the amine treatment unit. Similarly, the tail gas unit may
need to be expanded or a new unit added to remove most of the sulfur remaining in the tail gas
from the sulfur recovery unit before it is discharged to the aimosphere. Increasesin SO,
emissions and methods to avoid or control them are not discussed further in this document.
Whether these units will be expanded or new units will be added to manage the additional sulfur
will depend on the current capacity of the units, the design of the units, current sulfur levelsin

refinery products, and economic factors specific to each affected refinery.
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30 PROCESSHEATER NOy CONTROL ANALYSIS

This section presents information on the feasibility, efficiency and costs of NO, emission
controls for new process heaters at refineries. Control techniques include low NO, burners and
add-on controls. Cost effectiveness of these controlsis presented for five different size model
process heaters. For this analysis, we assumed that new process heaters would burn refinery fuel
gas and/or natural gas, because these are by far the most common fuels for new refinery process
heaters. It is not expected that existing heaters can be expanded to provide the necessary capacity

to meet Tier 2 requirements.

The analyses presented in this section address the first four steps in the five-step process
for aBACT analysis per the EPA NSR Workshop Manual .

Step 1. Identify all control technologies. Identify all available control techniques that

could potentially be applied to process heaters to control NO, emissions.

Step 2. Eliminate Technically Infeasible Options. |If any of the control techniques can
not be successfully used on process heaters due to technical difficulties, document this

finding. Such control techniques would not be further considered in the BACT analysis.

Step 3. Rank remaining control technologies by control efficiency. Assess
performance of each control technique and rank them, beginning with the most effective

control technique.

Step 4. Evaluate most cost effective controls. Estimate emission reductions, cost, cost
effectiveness, energy impacts, and other environmental impacts of the controls techniques.
Detailed cost effectiveness information is presented for the most effective control and for

other control techniques that are on the least cost envelope.

Step 5. Select BACT. This step is not included in this report.



1. How much NO, could new process heaters emit?

The increase in NO, emissions due to additional hydrotreating will vary for each refinery
depending not only on the increased amount of hydrotreating and hydrogen production, but also
on the heat demand associated with these increases, the type of fuel burned in the process heaters,
and the type of NO, control used on the heaters. In order to perform an analysis of NO,
emissions and controls for new process heaters, we determined the size range of heaters that may
be added to increase hydrotreating capacity. To reflect the variety of refineries, estimates of the
heater capacity needed for a small, medium, and large refinery were made. As a conservative
estimate, it was assumed that the refineries will treat all gasoline from the FCCU to meet Tier 2
requirements by adding a new hydrotreating unit with anew heater.” It was also assumed that all
hydrogen needed by the hydrotreater would be supplied by a new steam reforming hydrogen plant

including a new hester.

A small refinery with a crude capacity of approximately 50,000 barrels per day is likely to
add a new hydrogen plant heater with a capacity of approximately 10 million British therma units
per hour (MMBtu/hr) heat input and a new hydrotreater heater with a capacity in the range of 15
to 25 MMBtu/hr. A very large refinery with a capacity of approximately 450,000 barrels per day
islikely to add a new hydrogen plant heater with a capacity of 80 to 100 MM Btu/hr and a new
hydrotreater heater with a capacity of 120 to 170 MMBtu/hr. To provide another perspective on
the maximum heater size that may be used, an estimate was also made of the size heater that
would be needed if avery large refinery decided to treat all FCCU feed instead of treating the
gasoline streams produced by the FCCU. Thisindicated that a maximum heater capacity of
approximately 480 MM Btu/hr could be added. However, it is likely that refineries may choose to
add two smaller heaters instead of one very large heater. To account for the expected wide size
range of heaters required by the various refinery sizes and configurations, this BACT analysiswas
performed for model heaters of the following sizes: 10, 50, 75, 150, and 350 million British
thermal units per hour (MM Btu/hr) heat inpuit.

" Some refineries may only hydrotreat a portion of the FCCU gasoline stream and treat the
other portion with other processes such as an extractive caustic treater which requires minimal or
no use of process heaters.
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In addition to the five sizes of heaters examined in this study, it was aso necessary to
account for the draft type of the heater. Combustion air can either be supplied to the heater
firebox as aresult of the pressure difference between hot stack gases and cooler outside air
(natural draft), or forced through the firebox using fans (mechanical draft). In the absence of a
BACT requirement, some refineries would add natural draft heaters, which cost less than
mechanical draft heaters. However, other refineries would choose to add mechanical draft heaters
due to safety and process control considerations. Mechanical draft systems allow more precise
control of combustion air flow, provide the option of using alternative sources of combustion
oxygen (such as gas turbine exhaust), and alow the use of combustion air pre-heat, which
increases the heater's thermal efficiency resulting in lower fuel demand.? More control of

combustion air reduces the risk of upset conditions.

The add-on control techniques examined for this BACT analysis require a mechanica
draft. If arefinery would have purchased a natural draft heater in the absence of BACT
requirements, then the BACT analysis for that refinery must take into account the cost and
emissions differential to add a mechanical draft heater instead of a natural draft heater. If a
refinery would add a mechanical draft heater in the absence of BACT requirements, than the
BACT analysisfor that refinery should not include the cost for the mechanical draft. Therefore,

emissions and cost analyses were conducted for both mechanical draft and natural draft heaters.

To estimate potential increases in NO, emissions, it was assumed that the new heaters will
burn refinery fuel gas and/or natural gas. NO, emission factors were derived using factors
provided in an alternative control technology (ACT) document for process heaters’. The ACT
document provides emission factors for both mechanical draft and natura draft heaters firing
natural gas. The process heaters ACT document states that NO, emissions would increase by up
to 20 percent if high-hydrogen (up to 50 mole percent) fuel is used instead of natural gas. The
composition of refinery fuel gas varies, and can include more hydrogen than natura gas.
However, hydrogen is an important reagent in the hydrotreating process so we anticipate that
most hydrogen would be removed from fuel gas and used in hydrotreating processes. For this

reason emission factors 10 percent higher than the emission factors for natural gas were used to
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account for burning refinery fuel gas containing limited hydrogen or a mixture of refinery fuel gas

and natural gas.

The emission factor we used to estimate NO, emissions from an uncontrolled mechanical
draft process heater burning refinery fuel gas or amixture of refinery fuel gas and natural gasis
0.217 Ib/MMBtu. The emission factor we used to estimate NO, emissions from an uncontrolled
natural draft process heater burning refinery fuel gas or amixture of refinery fuel gas and natural
is0.108 Ib/MMBtu. Based on these emission factors, a refinery adding 42 MMBtu/hr of total
mechanical draft heater capacity or 85 MMBtu/hr of total natural draft heater capacity could
potentially increase NO, emission above the PSD significance level of 40 tons per year.
Uncontrolled emissions from the five sizes of model mechanical draft and natural draft process
heaters are shown in Table 3-1. There are no new source performance standards (NSPS) or
national emissions standards for hazardous air pollutants (NESHAP) that would constrain
potential NO, emissions from refinery process heaters, so uncontrolled emission factors are used
as the basdline for the BACT analysis.

Table 3-1. NO, Emissions from Model Process Heaters

Process Heater Capacity
(MM Btu/hr) Mechanical Draft Natural Draft
10 9.5 4.7
50 48 24
75 71 36
150 143 71
350 333 166
2. BACT Analysis Step 1- Identify all control technologies

There are avariety of options available for controlling NO, emissions from combustion
sources. Some options involve combustion modifications that reduce NO, formation, while

others utilize add-on control devicesto remove NO, after it isformed. In addition, combinations
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of combustion controls and add-on controls may be used to reduce NO, emissions. Control
technologies identified in this analysis include the following: combustion modifications, selective
catalytic reduction (SCR), and selective non-catalytic reduction (SNCR).

Combustion Controls

Combustion controls reduce NO, emissions by controlling the combustion temperature or
the availability of oxygen. Burnersthat are designed to achieve low NO, emission levels are the
most common NO, control technologies currently in use for refinery process heaters.** These are
often referred to as “low NO, burners’ or “ultralow NO, burners’, but the term “ultralow NO,
burner” is not always used consistently and there is often not a clear distinction between what is

caled alow NO, burner or an ultralow NO, burner.

The burners analyzed in thisBACT analysis are of the direct flame type, where
combustion is performed in the open space within the heater’ s firebox. Another type of burner is
widely used on boilers, but has been applied to only two refinery process heaters. This particular
type utilizes radiant burners that combust the fuel within a porous, ceramic-fiber tip that radiates
the mgjority of the heat. Because these ceramic fiber tip burners are more expensive and very
uncommon in refinery process heaters, and the ones used on refinery heaters achieve smilar
performance to the best direct flame burners, only direct flame burners were examined in detail in
thisanadysis.* For the purposes of this analysis, combustion control refers to the commercially
available gaseous fuel-fired burners that emit approximately 25 to 33 parts per million by volume
(ppmv) NO,. An uncontrolled mechanical draft process heater emits 179 ppmv NO,, while an
uncontrolled natural draft process heater emits 89 ppmv NO,. The bases for these emission levels
are described under “ BACT Analysis Sep 3" below.

Burner vendors and refinery contacts have noted that improved burners for use in refinery
heaters that could achieve even lower NO, levels are currently in various stages of
development.>® However, these burners are not yet commercially available for process heaters, so

that performance and cost data could not be obtained for these burners.



Flue gas recirculation (FGR) is another combustion control used to reduce NO,. FGR
involves the recycling of flue gasinto the fuel-air mixture at the burner to help cool the burner
flame. FGR may be classified asinternal or external. Internal FGR involves recirculating hot O,-
depleted flue gas from the heater into the combustion zone using burner design features. Externa
FGR requires the use of hot-side fans and ductwork to route a portion of the flue gasin the stack
back to the burner windbox. Unlike external FGR, internal FGR does not require the installation
of high heat fans and additional ductwork. Internal FGR is used primarily in some of the most
effective lower NO, burners.? External FGR istypically not considered a stand-alone NO,
technique. It isusually combined with low NO, burners. Additionally, external FGR has had
limited success with process heaters, mainly due to operational constraints and the high cost of
the additional fan and ductwork.? The best-performing combustion control identified for use on

process heaters is a burner designed to achieve low NO, emissions that incorporates internal FGR.

Add-on Controls

Add-on controls such as selective catalytic reduction (SCR) and selective non-catalytic
reduction (SNCR) are widely used technologies for controlling NO, emissions from combustion
sources, especialy bailers. Inthe SCR process, ammoniais mixed with the exhaust from the
combustion device and the mixture is passed through a catalyst bed. The NO, reacts with the
ammoniato form nitrogen and water. There are approximately 20 to 30 SCR applications on
refinery process heaters in the United States, several in combination with combustion controls (i.e.
burners achieving low NO, levels).3>*” While many of these are natural gas-fired, at least three
burn a combination of refinery gas and natural gas.®® At least one was used on a heater burning
only refinery gas, although the gasoline production process unit using the heater has since shut

down, so the heater is no longer in use.”®

The SNCR process is similar to SCR in that a reagent reacts with NO, to form nitrogen
and water. The difference isthat SNCR uses no catalyst. The SNCR reagent could be urea,
agueous ammonia, or anhydrous ammonia, and is typically vaporized and mixed with the hot flue
gases from the combustion device. Thereis currently only one refinery heater in the United States
being controlled by SNCR.*
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Two concerns with SCR and SNCR systems are the storage of ammonia and the amount
of ammoniadlip. Concerns about ammonia storage center on the transport and storage of
anhydrous ammonia, a gas which must be kept under pressure. Because of its hazardous nature,
there are safety concerns about keeping anhydrous ammonia under pressure. However, refineries
routinely handle ammonia and similarly hazardous chemicals, and with proper and careful handling
this should not be a problem. To avoid the risks associated with handling anhydrous ammonia,
many current applications of SCR and SNCR technology use aqueous ammonia, which is over
70 percent water. By using agueous ammonia, nearly all of the safety issues associated with the
storage of anhydrous ammonia gas are avoided.”> Ammonia dip refers to unreacted ammonia that
remainsin the flue gas and is emitted to the air. However, SCR vendors currently guarantee
ammonia dip levels of no more than 10 ppm with NO, reductions of 90 percent. Ammoniadip
from SNCR systems can be controlled to less than 25 ppm, and has been guaranteed in some
boilers to be less than 10 ppm.****** Some additiona information on these issues is given at the

end of Section 3.0, under “ Other Environmental and Energy Considerations’.

A refiner reported that catalyst plugging or “fouling” problems with a SCR unit installed
on a process heater have prevented the SCR unit from operating at its expected efficiency.
Plugging problems occur when ammonia salts accumul ate on the catalyst over along period.
Ammonia salts are generated from reactions between sulfur trioxide, ammonia, and water. Sulfur
dioxide and sulfur trioxide are generated when sulfur containing compounds in fuel are
combusted. In the presence of ammonia and water, sulfur trioxide will react chemically to form
ammonium bisulfate or ammonium sulfate. Over a period of time, ammonium salts can cause a
catalyst to deteriorate. Thisis often referred to as "fouling."1%"18

Salt formation is afunction of temperature, ammonia injected, and the sulfur trioxide
content of the flue gas. Ammonium salt precipitates when the flue gas temperature is below the
dew point of salt. The higher the sulfur content, the higher the dew point. In general, ammonium
salts will form in the temperature window from 380-430° F. The more ammoniainjected, the
higher the likelihood that some of the ammoniawill be involved in the formation of the

ammonium sat. In order to reduce fouling, SCR’s need to:*%*"*8



. Operate with the lowest ammoniainjection levels needed to achieve the desired
control performance,

. Reduce the level of sulfur in the flue gas or in the fuel being combusted,

. Be properly designed to ensure proper mixing of the flue gas and ammonia without
colder surfaces present on which the ammonium salts can condense,

. Operate at temperatures above the dew point of the ammonium salt.

One limitation on flue gas temperatures is the operating range for catalysts. The most
common catalysts are composed of vanadium, titanium, molybdenum, and zeolite. Optimal
operating temperatures vary by catalyst but generally range from 500 to 800° F. Catalysts are
classified as low temperatures, medium temperature, and high temperature catalysts. To utilize
the low temperature catalyst, the temperature must never drop below 400" F and never exceed
482° F. A new generation of lower temperature catalysts have been demonstrated to operate at
temperatures between 350 and 400° F. For higher sulfur content flue gases where the dew point
would be higher, the lower temperature catalysts would not be appropriate. The medium
temperature catalysts have an operating range between 500 and 840" F. However, at about
750" F, their performance begins to degrade. The high temperature catalysts can operate at
temperatures as high as 1110° F. At temperatures above 1000° F their performance begins to
degrade.**1"18

Refinery process heaters would typically operate at temperatures in the range of 450 to
700" F in order to provide sufficient heat transfer to refinery processes, although the temperature
will vary depending on the specific use of the heater. Even in the absence of an SCR system,
heaters would be expected to operate above the dew point to ammonium salts and sulfuric acid to
prevent corrosion. SCR systems have been used on process heaters burning mixtures of refinery
fuel gas (100 ppm sulfur) and natural gas. Therefore, it appears that the temperature is

appropriate for SCR and that with proper operation, fouling concerns are minimized.*61"18
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3. BACT Analysis Step 2 - Eliminate technically infeasible options

Of the controls identified (combustion controls, SCR, and SNCR), none were determined
to be technically infeasible.  All have been demonstrated on process heaters. The combination of
SCR with combustion controls has also been demonstrated. The combination of SNCR with
combustion controls (e.g., burners achieving low NOXx levels) has not been demonstrated on
process heaters. Because this combination control system has not been used on a process heater,
there is some uncertainty as to whether it can be used, and what performance level could be
achieved. However, combinations of SNCR with combustion controls are used on boilers, and a

previous EPA document indicated they should be feasible for process heaters.?

4. BACT Analysis Step 3 - Rank remaining technologies by control efficiency

The control technologies investigated in this analysis are listed in Table 3-2. The controls

are ranked from most efficient to least efficient.

Various sources have published a range of outlet NO, levels or percent control efficiencies
achieved by NO, control devices, as listed in the table.#68910111213141920 For combustion controls
which prevent NO, formation, performance is typically expressed as the NO, level, while for add-
on controls, data may be reported as a percent reduction and/or an achievable outlet NO, level.
For the BACT analysis, specific performance levels were chosen. The rationales for the selected

levels for each control are described in this section.
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Table 3-2. BACT Control Hierarchy for NO,

Emission Level Used in % Reduction Relativeto
Technology Range of Emission Levels Analysis Uncontrolled (Heater)
Reported, in ppmv or % B -
reduction, as applicable ppmv Ib/MM Btu M echanical Natural Draft
Draft
SCR + 7 0.0085 96 92
Combustion 4to 12 ppmv
Controls
SNCR + No process heater data for
Combustion combination. Combustion
Controls controls are 25 to 33 ppmv, SNCR 13 0.015 93 85
aloneis 30 to 75 percent reduction
SCR 80 - 95% reduction 18 0.022 90 80
Combustion 29 0.035 84 68
Control 2 25 - 33 ppmv?
SNCR 30 -75% reduction ® 72 0.087 60 19
No Control -
Natural Draft - 89 0.11 - -
Heater
No Control -
Mechanical - 179 0.22 - -
Draft Heater
2 These represent the best burner designs for reducing NO, emissions that are commercially available for use on process
heaters.
These burner designs incorporate internal FGR. The same emission level can be achieved on mechanical draft and natural
draft
process heaters.

b This percent reduction is relative to amechanical draft heater.
¢ Parts per million (ppm) by volume, dry basis, at three percent oxygen.
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Combustion Controls: Thereis arange of designs and performance for combustion

controls. For the BACT analysis, alevel was selected to represent the best combustion controls
that are commercially available for mechanical draft and natural draft process heaters as further
discussed below. These include burner designs that operate with internal FGR and achieve low
NO, emission rates. Information supplied by a trade association during the public comment
period stated that the range of performance for the best combustion controls on new (year 2000)
process heatersis 0.03 to 0.035 Ib/MMBtu (25 to 29 ppm) with the upper end of the range
representing heaters firing high hydrogen gas* Refinery fuel gasis high in hydrogen content, so
for heaters burning refinery fuel gas or a mixture of refinery fuel gas and natura gas, the upper
end of thisrange would be appropriate. Similarly, the largest burner vendor stated that they will
guarantee process heater NO, emission levels of 0.03 to 0.04 Ib/MMBtu (25 to 33 ppm) for their
lowest emitting burner designs that can be widely used on al designs and sizes of refinery process
heaters.®

Combustion controls can achieve this same level of emissions for both natural draft and
mechanical draft heaters. Even though mechanical draft heaters have higher uncontrolled
emission rates, their design allows for improved firebox conditions control through combustion
modifications such as interna FGR and improved control of excess air and flame shape. Based on
thisinformation, alevel of 29 ppm (0.035 Ib/MMBtu) was chosen as the achievable performance
level for combustion controls for the BACT analysis. As previoudly discussed, burners that could
achieve levels of 0.012 Ib/MMBTtu (10 ppm) or lower are under development but are not currently

available for process heaters.

SCR: SCR may be designed to achieve different levels of control by using different
quantities of catalyst and by varying the amount of ammoniainjected. Ninety percent reduction
from uncontrolled emission levels has been achieved by SCR on boilers, and vendors indicated

that SCR on process heaters will typically achieve asimilar level of performance.®**

The 90 percent reduction is relative to an uncontrolled mechanical draft process heater,
because SCR systems require a mechanical draft. Using the uncontrolled mechanical draft
emission rate (0.22 Ib/MMBtu or 179 ppmv) and 90% reduction efficiency, the outlet NO,
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emission level for a process heater with an SCR system is 0.022 [b/MMBtu or 18 ppmv. In order
to use an SCR system on a new process heater, a refinery would need to purchase a mechanical
draft heater instead of a natural draft heater. Because uncontrolled natural draft heaters have
lower emission rates than uncontrolled mechanical draft heaters, the percent reduction SCR
achieves relative to an uncontrolled natural draft heater islower. Specifically, an uncontrolled
natural draft heater emits 89 ppmv, while a mechanical draft heater with SCR emits 18 ppmv. For
arefinery that would have installed a natural draft heater in the absence of BACT requirements,
the percent emission reduction for instead installing a mechanical draft heater with SCR control is

approximately 80 percent.

Combined SCR with Combustion Controls: When SCR is used in combination with

combustion controls, theinlet NO, level to the SCR control deviceislower, so lower outlet NO,

levels can be achieved. However, the SCR system may not achieve the same percent reduction
when starting from the low NO, inlet level of a heater with combustion controls versus from an
uncontrolled level. Information on outlet NO, levels achieved by the combination of SCR with
combustion control was reviewed to select a performance level for the BACT analysis. Permit
datafor refinery process heaters with the combination of SCR and combustion controls were
obtained from the BACT/LAER Clearinghouse and the South Coast Air Quality Management
Digtrict (SCAQMD) in Cdifornia. Thereis one permit limit of 5 ppm for arefinery process
heater burning natural gas. There are at least three permit limits of 7 ppm for process heaters
burning either natural gas or a combination of refinery fuel gas and other lower sulfur gaseous
fuels®%? Test data from process heaters firing a combination of refinery fuel gas and natural gas
ranged from 4 ppm to 7 ppm at one refinery, and from 4 ppm to 8 ppm at another refinery.®®
Inlet NO, levelsfor the tested and permitted heaters ranged from 38 to 48 ppm, with one value
up to 80 ppm. 8°% (These values are al ppm by volume, dry basis, at 3 percent oxygen). Based
on this permit and test data, alevel of 7 ppmv (0.0085 Ib/MMBtu) was selected for the BACT
analysis because it has been achieved by process heaters firing mixtures of refinery fuel gas (100
ppm sulfur content) and natural gas. Vendor information confirmed that SCR systems can be
designed to achieve outlet emission levels below 7 ppmv for refinery heaters with combustion
controls that achieve SCR inlet levels similar to the inlet levels for the permitted and tested

boilers. Vendors indicate that with proper design and operation, SCR systems can continue to
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achieve these high levels of emission reduction on process heaters fired with either natural gas or
refinery fuel gas with a sulfur content of up to160 ppm, while avoiding the catalyst fouling

problems described earlier (see page 3-7).2*

SNCR: Only one refinery process heater in the United States uses an SNCR system to
reduce NO,. Conversations with the facility indicated that this system would be replaced in the
future with more efficient NO, controls.?* Existing information on SNCR systems indicate they
achieve NO, reductions ranging from 30 to 75 percent, indicating that SNCR is an inferior control
technology to either SCR or combustion controls.? The percent reduction for SNCR systems
used in the process heater ACT document, 60 percent relative to an uncontrolled mechanical draft

heater, was used in this analysis.? This equates to an emission level of 0.09 Ib/MMBtu (72 ppmv).

Combined SNCR with Combustion Control: Available information shows that SNCR is

not currently used in combination with combustion controls on process heaters. Thus, no data
could be obtained on the NO, control performance of these combinations. For this analysis, the
performance of combined SNCR with combustion controls is calculated from the NO, levels
achieved by combustion controls and the percent reduction assumed for SNCR systems. Using a
NO, level of 0.04 Ib/MMBtu (33 ppmv)(which is the upper end of the 0.03 to 0.04 Ib/MMBtu
range for the best combustion controls) and the assumed SNCR percent reduction of 60 percent,
the NO, level for combined SNCR with combustion control is calculated to be 0.015 Ib/MMBtu
(13 ppmv). Thisequatesto atotal reduction of 93 percent. However, no process heaters were
identified with these control combinations and data are not available to determine if these

technol ogies can be used in combination to achieve these levels. It is uncertain whether SNCR
could achieve the same percent reduction when starting from the low NO, inlet level of a process

heater with combustion controls versus from an uncontrolled level.

5. BACT Analysis Step 4 - Evaluate most cost effective controls

The control options evaluated in detail for the BACT analysis were (1) combustion
control, and (2) the combination of combustion control with SCR, because these options are on

the least cost envelope. A preliminary cost evaluation circulated for public comment included
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additional options: SNCR aone, SCR alone, and combined SCR with combustion control .
Based on the preliminary cost analysis, it is clear that SNCR is an economically inferior option
because it achieves less NO, emission reduction and has a higher cost than combustion controls.
Similarly, SCR alone achieves lower NO, reductions at a higher cost that the combination of SCR
with combustion control. (Thisis because the lower SCR inlet NO, achieved by combustion
control allows the use of less ammonia, thus reducing the cost of the SCR system.) Therefore,
SCR doneis also an economically inferior option. The preliminary analysis also showed that for
most heaters, the combination of SNCR with combustion control is economically inferior to the
combination of SCR with combustion control, or is not on the least cost envelope. Also, as stated
earlier, the combination of SNCR with combustion control has not been used on process heaters,
so its performance level is uncertain. Therefore, in revising the cost effectiveness evauation to
incorporate additional information and address public comments on the draft analysis, the focus
was on the only two options that are on the least cost envelope (i.e. are the most cost-effective

options): combustion control and the combination of SCR with combustion control.

Several revisions have been made to the cost effectiveness analysis to address comments
on the March 14, 2000 draft analysis. One mgjor change is that natural draft process heaters were
added to the analysis. The cost effectiveness of controlling of natural draft heatersis significantly
different from mechanical draft heaters. Natural draft heaters have lower baseline uncontrolled
emissions, so the emission reduction achieved by the control optionsis lower than for mechanical
draft heaters. Also, the costs of SCR systems are somewhat higher for natural draft heaters, as
explained in the section on cost estimation procedures (see pages 3-22 to 3-25). To analyze
natural draft heaters, the same five heater sizes as were used for the mechanical draft heaters were
added to the analysis. The results of the BACT cost effectiveness analyses for natural draft and
mechanical draft heaters are presented in separate tables. Additiona revisions to the cost analysis
include the addition of costs to account for possible space constraints and afuel penalty to
account for the potential need to purchase additional natural gas to overcome possible reduction
in heater thermal efficiency. These are described in the section on cost estimation procedures on
pages 3-22 to 3-25. Finaly, the performance of the control options was revised to incorporate

additional information. The previous discussion under “BACT Analysis Siep 3 - Rank remaining
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technologies by control efficiency” provides the bases of the emission levels used in the BACT

analysis.

Tables 3-3 and 3-4 detail the results of the BACT analysis for the five sizes of mechanica
draft and natural draft heaters, respectively. The tables present the emission reductions, costs,
average cost effectiveness, and incremental cost effectiveness of the technologies that are on the
least cost envelope. The average cost effectiveness of the combination of SCR with combustion
control ranges from $792 to $4,238 per ton of NO, removed for mechanical draft heaters and
from $1,696 to $9,270 per ton for natural draft heaters, depending on the size of the model
process heater.

Incremental cost effectiveness of the combination of SCR with combustion control
compared to combustion control alone ranges from approximately $6,000/ton for the largest
mechanical draft model heater to over $34,000/ton for the smallest natural draft model heater.
The average and incremental cost effectiveness for combustion control aloneis less than $100/ton

for all size heaters.

Site-Specific Considerations

The emission reductions and costs used in the BACT analysis are designed to represent
typical new mechanical draft or natural draft process heaters firing a combination of refinery gas
and natura gas, which are the most common fuels. However, in any given case, site-specific
factors may cause cost effectiveness to be higher or lower than the values shown. Some examples

of site-specific factors are identified in this section.

This report addresses only new process heaters, because it is most likely that refineries will
add new process heaters to supply the additional heat needed by new hydrotreater units and
hydrogen plants. If arefinery is modifying an existing heater, retrofit costs may be taken into
consideration through a site-specific analysis. For example, there could be greater space
constraints than assumed in this analysis, and there could be additional retrofit costs for modifying

the existing process heater to implement combustion controls and/or SCR systems.
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Table 3-3. Summary of Top-Down BACT Impact Analysis Resultsfor NO,

Controlsfor Mechanical Draft Heaters

Economic Impacts Environmental | mpacts
Incremental
Emissions Total Aver age cost cost Adverse
Pollutant/ reduction annualized effectiveness effectiveness Toxics environmental
Emissions Control Emissions (b) cost (¢) (d) (e impact (f) impacts Energy
Unit alternative (tpy) (tpy) ($fyr) ($/ton) ($/ton) (Yes/No) (Yes/No) Impact (g)

NO,/10 Combustion 0.4 9.1 38,701 4,238 32,874 Yes No None or
MMBtu/hr Control+SCR small (?)
Process
Heaters

Combustion 15 8.0 244 31 31 No No No

Control

Baseline 9.5 0 -- -- -- -- -- --
NO,/50 Combustion 1.9 45.7 68,170 1,493 11,477 Yes No None or
MMBtu/hr Control+SCR small (%)
Process
Heaters

Combustion 7.7 39.8 1,040 26 26 No No No

Control

Baseline 47.6 0 - - - - - -
NO/75 Combustion 2.3 69.0 89,226 1,293 9,462 Yes No None or
MMBtu/hr Control+SCR small (%)
Process
Heaters

Combustion 11.6 59.7 1,408 24 24 No No No

Control

Baseline 713 0 - - - - - -




Table 3-3. Summary of Top-Down BACT Impact Analysis Resultsfor NO,
Controlsfor Mechanical Draft Heaters (Continued)

LT-€

Economic Impacts
Incremental
Emissions Total Aver age cost cost Adverse
Pollutant/ reduction annualized effectiveness effectiveness Toxics environmental
Emissions Control Emissions (b) cost (¢) (d) (e impact (f) impacts
Unit alternative (tpy) (tpy) ($fyr) ($/ton) ($/ton) (Yes/No) (Yes/No)
NO,/150 Combustion 5.6 137.0 138,977 1,015 7,761 Yes No None or
MMBtu/hr Control+SCR small (?)
Process
Heaters
Combustion 231 119.4 2,796 23 23 No No No
Control
Baseline 142.6 0
NO,/ Combustion 13.0 319.6 253,064 792 6,034 Yes No None or
350 Control+SCR small (%)
MMBtu/hr
Process
Heaters
Combustion 54.0 278.7 5,995 22 22 No No No
Control
Baseline 332.6 0

#1f anhydrous ammoniais used there is no energy impact. If aqueous ammoniais used thereis a small energy impact.

b Emissions reduction over basdline level.

“Total annualized cost (capital, direct, and indirect) of purchasing, installing, and operating the proposed control aternative. A capital
recovery factor approach using areal interest rate (i.e., absent inflation) is used to express capital costs in present-day annual cost.

4 Average cost effectiveness is total annualized cost for the control option divided by the emissions reductions resulting from the

option.

®The incremental cost effectivenessiis the difference in annualized cost for the control option and the next most effective control
option divided by the difference in emissions reduction resulting form the respective aternatives.
"Toxics impact means there is a toxics impact consideration for the control aternative.

9 Energy inputs are the difference in the total project energy requirements with the control aternative and the baseline.
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Table 3-4. Summary of Top-Down BACT Impact Analysis

Resultsfor NO, Controlsfor Natural Draft Heaters

Economic I mpacts Environmental | mpacts
I ncremental
Emissions Total Average cost cost Toxics Adverse
Pollutant/ reduction | annualized | effectiveness | effectiveness impact environmental
Emissions Control Emissions (c) cost (d) (e) Q) (9) impacts Energy
Unit alternative (tpy) (tpy) ($lyr) ($/ton) ($/ton) (Yes/No) (Yes/No) Impact (h)

NO,/ Combustion 0.4 4.4 40,400 9,270 34,594 Yes No None or
10 Control+SCR(?) small (°)
MM Btu/hr
Process _
Heaters Combustion 15 32 244 76 76 No No No

Control

Baseline 47 0 -- -- -- -- -- --
NO,/ Combustion 19 21.8 71,710 3,291 12,176 Yes No None or
50 Control+SCR(?) small (°)
MMBtu/hr
Process _
Heaters Combustion 7.7 16.0 1,040 65 65 No No No

Control

Baseline 23.7 0 -- -- -- -- -- --
NO,/ Combustion 2.8 33.2 93,474 2,818 10,422 Yes No None or
75 Control+SCR(?) small (°)
MMBtu/hr
Process _
Heaters Combustion 11.7 24.3 1,408 58 58 No No No

Control

Baseline 36.0 0 -- -- -- -- -- —
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Table 3-4. Summary of Top-Down BACT Impact Analysis
Resultsfor NO, Controlsfor Natural Draft Heaters (Continued)

Economic I mpacts
I ncremental
Emissions Total Average cost cost Toxics Adverse
Pollutant/ reduction | annualized | effectiveness | effectiveness | impact environmental
Emissions Control Emissions (c) cost (d) (e) Q) (9) impacts
Unit alternative (tpy) (tpy) ($lyr) ($/ton) ($/ton) (Yes/No) (Yes/No)
NO,/150 Combustion 5.6 65.4 143,933 2,202 8,106 Yes No None or
MMBtu/hr | Control+SCR(?) small (°)
Process
Heaters
Combustion 23.0 48.0 2,796 58 58 No No No
Control
Baseline 71.0 0 -- -- -- -- -- --
NO,/ Combustion 13.0 152.5 258,728 1,696 6,221 Yes No None or
350 Control+SCR small (%)
MMBtu/hr
Process
Heaters
Combustion 53.7 119.9 5,995 54 54 No No No
Control
Baseline 165.5 0 -- -- -- --

2 Emissions and emissions reductions based on natural draft baseline. Economic impacts account for costs incurred above that for natural draft heaters due to
installation and operation of mechanical draft heater necessary for SCR control device operation.
® |f anhydrous ammoniais used there is no energy impact. If agueous ammoniais used there is a small energy impact.
¢ Emissions reduction over baseline level.
4Total annualized cost (capital, direct, and indirect) of purchasing, installing, and operating the proposed control alternative. A capital recovery factor
approach
using areal interest rate (i.e., absent inflation) is used to express capital costsin present-day annual cost.
¢ Average cost effectivenessis total annualized cost for the control option divided by the emissions reductions resulting from the option.
fThe incremental cost effectiveness is the difference in annualized cost for the control option and the next most effective control option divided by the
difference
in emissions reduction resulting form the respective alternatives.
9Toxics impact means there is a toxics impact consideration for the control alternative.
" Energy inputs are the difference in the total project energy requirements with the control alternative and the baseline.



The performance levels of the control techniques are an important factor in determining
the cost effectiveness. This analysis assumes combustion control can achieve 29 ppmv NO,, and
the combination of SCR with combustion control achieve 7 ppmv. If aparticular site can
demonstrate that through use of a new, more advanced combustion control they can achieve an
emission rate that is significantly lower than 29 ppmv, then the additional emission reduction that
could be achieved by adding SCR would decrease. Therefore, the incremental cost per ton of

NO, reduction for the combination of SCR with combustion control option would increase.

Some commenters were concerned that the performance level for the combination of SCR
with combustion control in the March 2000 draft analysis (5 ppm) could not be achieved by
process heaters firing refinery gas, or that the occurrence of catalyst fouling would reduce control
efficiency and increase costs. The issue of catalyst fouling is addressed in the discussion of
“BACT Analysis Sep 1. Identify all control technologies.” The revised analysisuses a
performance level of 7 ppm, which has been achieved by refinery process heaters firing a mixture
of refinery gas at 100 ppm sulfur and natural gas. Information from vendors indicates that the
same performance levels could be achieved for refinery gas with a sulfur content of up to 160 ppm
sulfur (the NSPS limit for new process heaters). However, if arefiner performs a site-specific
evaluation of the feasibility of adding the combination of SCR with combustion control to their
process heaters and can support with technical data and analyses that they would need to fire
lower sulfur fuel to meet a performance level of 7 ppm, then they could perform a site-specific
cost analysis of the additional costs to reduce the sulfur content of their refinery gasor to
purchase additional natural gasto blend with their refinery gas. This analysis does not include the
cost of switching from refinery gas to natural gas or of treating the refinery fuel gas to reduce its

sulfur content.

Thisanaysisincludes a 1.5 percent fuel penalty for the combination of SCR with
combustion control to account for the potential need to purchase 1.5 percent more fuel (natural
gas) to overcome the possible loss of heater thermal efficiency due to the addition of controls.
(See page 3-24 for further discussion.) If a process heater is burning refinery fuel gas (or a

combination of refinery fuel gas and natural gas) and the refinery has excess refinery fuel gas
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available that is being flared, then afuel penalty would not be incurred. The process heater could
burn 1.5 percent additional refinery fuel gasinstead of purchasing more natural gas, and the costs
of SCR control would be significantly lower than presented in this BACT analysis. Another
consideration is that the fuel penalty was calculated based on an average natural gas price. The
price and availability of natural gas at a particular site could vary, influencing site-specific costs

and cost effectiveness.

The following sections explain the cost estimation procedures used in the BACT analysis,
and the basis of these procedures. If a site-specific analysisis performed, one should consider
whether there are site-specific characteristics that are significantly different from the typical cases

described in this report that warrant changes to these cost estimation procedures.

Cost Estimates for Combustion Control

Capital costs for combustion control are based on information supplied by vendors and
industry experts.?®? The capital cost of the combustion control option is the difference between
the costs of the best performing, commonly available, lower NO, burner and a standard burner.
The costs of a combustion control system is afunction of the capital cost per burner and the

number of burnersin a process heater.

The price per burner for the combustion control system was given as arange, with the
advice that the lower costs represented quotes given for higher volume orders.® For this analysis,
the price of asingle 10 MMBtu/hr burner was assumed to be $5000.° To account for economy of
scale pricing, the following equation was used to calculate the price per burner for multiple
burners:

N0.9

Burner Cost = $5000 °

where N equals the number of burners per heater. The N®%/N factor was chosen because it
generates burner price estimates that fall within the price vs. quantity range as given by a vendor.®

Each burner was assumed to be approximately 10 MMBtu/hr in size. Asaresult, the smallest
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heater contains only one burner at a cost of $5,000. The 75 MMBtu/hr heater contains 7 burners
at acost of $4,116 per burner, and the 350 MM Btu/hr heater contains 35 burners at a

cost of $3,504 per burner. The costs for the windbox, burner control systems, and other ancillary
equipment were not included, since these costs would be incurred by a new heater using standard
burners. Vendors and industry experts claimed that these costs would not be different for a
process heater with combustion control versus standard burners, nor would installation costs

differ.5%

The capital cost of using combustion control to control NO, emissions from new process
heaters is the difference between the best performing, commonly available low NO, burner cost
and the cost of a standard burner. A standard burner price was given to be about 2/3 the cost of
the best performing lower NO, burners.® For each size model process heater the cost of a
standard burner was assumed to be 2/3 of the combustion control burner cost. The standard

burner cost was subtracted from the combustion control burner cost to get the difference.

The annualized costs of combustion control consist only of the capital recovery for the
burners. Vendors and industry experts stated that annual operating costs of these burners do not
exceed those for a standard burner.>%®  An assumed interest rate of 7 percent and a useful burner
life of 10 years was used for computing annualized costs. The interest rate chosen (7 percent) is
consistent with EPA guidance for control costing and PSD assessments. Appendix A contains

information supplied by vendors and cost calculations for combustion control.

Cost Estimates for SCR

There are several sources of cost information for SCR systems, including the process
heaters ACT document and cost information available for boilers. However, the process heater
specific information for the ACT was collected in 1986 and is outdated considering the growth in
SCR vendors and reduction in cost from increased competition and wider use of SCR technology.
The boiler-specific information was determined to not adequately characterize costs of controlling

process heaters because it was developed for large utility boilers.
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In order to obtain current cost data, we contacted vendors supplying SCR systems
specifically for process heaters. (Appendix A contains vendor supplied information and example
cost calculations for SCR systems.) The most stringent NO, regulations are in the South Coast
Air Quality Management District (SCAQMD) of California. A review of the SCAQMD permit
database showed severa vendors with SCR applications in place on process heaters. Two of the
vendors provided detailed cost information for this analysis.*** One of the vendors provides a
standard SCR system. The other vendor supplies alow temperature SCR system, which is
discussed further in ajournal article for this particular system.’® Costs for both systems are
comparable, although the low temperature system was the less expensive of the two. The vendor
providing the standard SCR system provided arange of cost values. The average of thisrange
was averaged with the cost provided by the low temperature SCR vendor.

Both vendors provided capital costs of SCR systems on 5 process heater sizes (10, 50, 75,
150, and 350 MM Btu/hr) burning refinery fuel gas and with inlet NO, concentrations of 179
ppmv (i.e., uncontrolled levels) and approximately 33 ppmv (after combustion controls). Capital
costs are for systems comprised of an ammonia injection grid, blower, control valves, controls,
and catalyst, and also included installation costs. Catalyst costs range from 5 to 20 percent of
total capital costs depending on the size of the process heater. Additional costs not provided by
the vendors include ammonia storage and handling and sales taxes. For this analysis, the storage
and handling cost was assumed to be 10 percent of capital costs based on discussion with a
vendor. Sales taxes were assumed to be 3 percent of the capital cost of the installed equipment
based on the OAQPS Control Cost Manual .’

Annual costs include capital recovery, ammonia cost, fuel penalty, and miscellaneous
expenses. Capital recovery was calculated assuming 7 percent interest rate over the lifetime of
the installed equipment. Vendors indicated that equipment life (excluding catalyst) could be
assumed to be 20 years.****> Vendors also indicated that catalyst lifeis generally 5 years. 3141
Ammonia usage was estimated using the stoichiometric relationship between ammonia and NO,
and the reduction in NO, assumed for this anaysis. Ammonia cost was calculated assuming
anhydrous ammonia ($360/ton) was used.?® This provides a conservatively high estimate of

ammonia purchase costs. The vendors indicated that energy costs are minimal and negligible if
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anhydrous ammoniaisused. A very small energy cost would be incurred to boil off water if

agueous ammonia were used.1314.15

Based on comments made on the preliminary BACT anaysis, afuel penalty cost was
incorporated into the annual cost estimates. The fuel penalty accounts for the potential need to
purchase fuel to overcome the possible loss of heater thermal efficiency due to the addition of
add-on controls. For thisanaysis, it was assumed that a refinery would not have excess refinery
gas that could be used and would therefore need to purchase natural gas. The ACT document
provides afuel penaty of 1.5 percent of the heater capacity.? The capacity of the process heater
(MMBtu/hr) was multiplied by 1.5 percent resulting in the amount of heat input that would be
required from the additional natural gas. Using atypical heat content of natural gas allowed the
calculation of the amount of natural gas that would be required. The cost of the natural gas was
calculated using the 1999 cost of $3.04 per cubic foot.

Additional space may also be necessary for the SCR system and associated ductwork. For
new process heaters, space considerations would probably be incorporated into their design and
layout and not be assigned to the cost of the SCR system. However, in order to account for the
possibility that additional costs might be incurred, the costs of the SCR system and associated

ductwork were increased by a nominal amount, 10 percent.

Commenters to the preliminary BACT anaysis indicated that many refineries may
purchase natural draft heaters instead of mechanical draft heaters in the absence of BACT
requirements. However, if an add-on control such as an SCR system isrequired, then a
mechanical draft heater would be needed. Consequently, the additional costs to purchase a
mechanical draft heater instead of a natural draft heater were incorporated into the SCR costs, for
use in cases where a natural draft heater would be purchased in the absence of BACT
requirements. These costs are included in Table 3-4 for natural draft heaters. The additional
costs for mechanical draft were calculated using data from a process heater vendor who provided
capital cost information for process heaters with and without an SCR system.® Costs were
provided for the process heater sizes used in thisanalysis. The vendor indicated that
approximately 15 percent of the difference in the costs between the heaters with and without SCR
could be attributed to the addition of a mechanical draft system (i.e., burners, fans, and
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ductwork).” The annual cost for mechanical draft was calculated by annualizing the capital cost
differences between mechanica draft and natural draft heaters assuming a 20 year life of the

mechanical draft system.

As explained on page 3-3, some refineries would purchase a mechanical draft heater even
in the absence of BACT requirements. For such refineries, the cost of mechanical draft should
not be included in the BACT analysis. The SCR cost for such refineries are shown in Table 3-3
for mechanical draft heaters.

Other Environmental and Enerqy Considerations

The combination of SCR with combustion control has associated anmonia emissions.
Thisis due to the ammonia dip of the SCR system, where unreacted ammoniais emitted with the
flue gas. Although not aHAP, ammoniais treated as atoxic in some states, e.g., California. SCR
vendors have indicated that they can reduce ammonia dips to less than 10 ppmv.**#*> Actual
ammonia levels on boilers are typically lower than 10 ppmv, and SCR process heater applications
should result in similar levels. Ammoniadip limits of 5 to 10 ppmv have been included in permits
for combustion sources.”® Compliance with such permit limits will ensure ammonia emissions
below health and odor thresholds.

Thereisaso asmall energy impact associated with SCR systems if aqueous ammoniais
used. Anhydrous ammonia storage safety concerns in heavily populated areas may warrant the
use of agueous ammonia. When agqueous ammoniais used, additiona energy is needed for
vaporization. (Note that this energy use and the associated energy cost would be site-specific, but

istypically anegligible part of the total cost for SCR systems.)

Do NO, Controls Affect CO Emissons?

NO, controls discussed in this section of the report do not have an appreciable affect on
CO emissions. When combustion controls are added to a combustion unit, the possibility exists
that the modification could inhibit complete combustion, thus increasing CO emissions. Vendors

and industry experts were asked what level of CO emissions could be expected when using these
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control devices. From these discussions, it can be concluded that the use of the burners analyzed
in this report do not cause an increase in CO emissions.>® The CO emission factors for low NO,
burners in the AP-42 document are the same as those for a standard burner design.*® This
supports the conclusions from various burner vendors that these NO, control devices have been
designed so asto not increase CO emissions. Furthermore, review of the BACT/LAER
clearinghouse indicates that permit limits for CO emissions from severa process heaters with
combustion controls (referred to in the clearing house as low NO, burners or ultralow NO,
burners) are no higher than emission levels expected for standard burners, supporting the

conclusion that use of these combustion controls do not increase CO emissions.*

The add-on NO, controls analyzed would not be expected to affect CO emission levels.
Vendors of SCR indicated that the use of SCR does not affect CO emissions.*
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40 EQUIPMENT LEAK VOC CONTROL ANALYSIS

1. How much VOC could be emitted from new hydrotreating units and new hydrogen
plants?

The main source of VOC emissions from new hydrotreating units and hydrogen plantsis
equipment leaks. Such leaks typically occur at valves, pumps, compressors, flanges/connectors,
pressure relief devices, open-ended lines, and sampling connections. These are commonly
referred to as “ components’. These equipment components are also identified by the type of
process stream they service, such as heavy liquid, light liquid, or gaseous, because the type of
stream influences emissions. Any new refinery process unit would have these equipment
components. Potential VOC emissions from a new refinery process unit depend on the number
and types of components in the process unit, and on what regulations apply to the process units.
Based on average component counts, if arefinery with a crude processing capacity greater than
50,000 barrels per standard day (bbl/sd) added a new hydrotreating unit and a new hydrogen
plant, VOC emissions would increase by 40 tons per year (the PSD threshold), without
consideration of VOC emissions from other process units or emission points. (This calculation
assumes that the new equipment would be subject to the equipment leak NSPS and the petroleum
refinery NESHAP for existing sources.) However, because emissions are sensitive to equipment
component counts, potential VOC emissions from equipment leaks at specific refineries adding

these units could be above or below 40 tpy.

Other possible sources of VOC emissions are flue gases from new gas-fired process
heaters at the hydrotreating unit and hydrogen plant. However, VOC emissions from new gas-
fired heaters are anticipated to be very low. Therefore, such emissions are not quantified in this
analysis. If asteam reforming processis used in the hydrogen plant, there is a carbon dioxide
(CO,) vent that may contain low levels of VOC. No information on VOC emission rates from this
type of vent was obtained for this analysis. However, refineries that add steam reforming
processes and have data to estimate emissions from this vent should include them in site-specific
analyses of VOC increases. There may also be an inert gas vent from the sour water stripper that
could contain VOC. This vent may be routed within the refinery for recovery rather than vented
to the atmosphere.



M ethodology for Calculating Equipment Leak VOC Emissions

EPA’s 1995 Protocol for Equipment Leak Emission Estimates provides information to

calculate VOC emissions from equipment leaks using average emission factors or measured
hydrocarbon concentration values.®* For this analysis, concentration information was not
available, so the average emission factor for each equipment component was used. The average
emission factor method is aso appropriate because this analysis is meant to represent typical
plants, not any specific individual plants. Average emission factors for each component are
presented in Appendix Tables B-1A and B-1B.

Uncontrolled emissions were estimated by multiplying the average emission factors, the
number of equipment components, and the hours of operation ayear. For thisanalysis,

8,760 hours of operation per year (i.e., 24 hours aday for 365 days) was used in calculations.

Component counts are typically not greatly influenced by the size or throughput of a unit
or plant. However, in order to account for any chance of variation in component counts between
units at small and large refineries, this analysis was conducted for refineries that have crude
throughputs less than 50,000 bbl/sd (i.e. small refineries) and greater than 50,000 bbl/sd (i.e.,
larger refineries). Average equipment counts for hydrotreating units and hydrogen plants at large
and small refineries were obtained from previous studies conducted for EPA's petroleum refinery
national emission standards for hazardous air pollutants (NESHAP).* Equipment component
counts are not expected to significantly differ between fluidized catalytic cracking unit (FCCU)
feed hydrotreating and product stream hydrotreating. Therefore, no differentiation was made
between them. Additionally, splitter fraction towers may be added in association with some
product hydrotreating units, but these are simple distillation vessels, and would be within the
range of component counts used to develop average component counts for hydrotreating units.

Appendix Tables B-1A and B-1B present the average component counts used in this analysis.

Emission Estimates

Table 4-1 summarizes the uncontrolled VOC emissions for small and large refinery

hydrotreating units and hydrogen plants. Emissions by component type are shown in
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Appendix B-1. For thisanalyss, uncontrolled emissions from hydrotreating units were 77 tpy for
small refineries and 133 tpy for large refineries. Uncontrolled emissions from hydrogen plants
were 71 tpy for small refineries and 131 tpy for large refineries. It isimportant to note that
emissions, and consequently emission reductions from applying controls, are strongly influenced
by component counts. Therefore, specific component count information would be needed to

calculate whether a particular refinery exceeds PSD significance levels.

Table4-1. Emissionsof VOC from Equipment L eaks (tpy)?

VOC Emissions (tpy) for VOC Emissions (tpy) for
Small Refinery (<50,000 bbl/sd) L ar ge Refinery (>50,000 bbl/sd)
Regulations Hydrogen Hydrogen

Constraining Emissions| Hydrotreater plant Total | Hydrotreater plant Total
Uncontrolled 77 71 148 133 131 264
NSPS/Existing Source 14 8 22 23 17 40
NESHAP
New Source NESHAP 7 3 10 12 6 18
HON 6 3 9 9 5 14

& Based on average component counts

For determining PSD applicability, the potentia to emit may be constrained by new source
performance standards (NSPS) and NESHAP regulations. VOC emission reductions were
estimated for various equipment leak control programs, as further described under BACT
Analysis Step 1 and BACT Analysis Step 3, below. Depending on the extent of construction or
reconstruction, new refinery process units will likely be required to meet the refinery NSPS
(40 CFR 60 subpart GGG). Under the refinery NESHAP, new process units may be considered
Separate new sources subject to new source MACT, or they may be considered part of the
existing refinery source subject to existing source MACT. (This determination depends on how
much HAP is emitted by the new process unit and other factors as described in 40 CFR 63.640).
The level of equipment leaks control the NESHAP requires for existing sources is the same as the
NSPS, whereas the level the NESHAP requires for new sources is more stringent than the NSPS.
As shown in Table 4-1, for sources subject to the NSPS and/or the NESHAP for existing sources,
the emissions after controls would be 14 to 23 tpy for hydrotreating units and 8 to 17 tpy for
hydrogen units, for small and large refineries respectively. The total for the two units at large
refineries (40 tpy) reaches the PSD threshold without consideration of any other VOC emissions.

Emissions from units subject to the NESHAP for new sources would be lower.
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Organic HAP emissions were calculated for hydrotreating units using speciation
information gathered for the petroleum refinery NESHAP, and are shown in Appendix tables
B1-A and B3-A. The NESHAP provided information on the percentage of HAPs found in
gaseous, light liquid, and heavy liquid streams associated with a process unit. Organic HAP

compositions were not available for hydrogen plants.

2. BACT Analysis Step 1 - I dentify all control technologies

A quantitative BACT anaysis was conducted to assess equipment leak control options for
those refineries that are subject to PSD review. Emissions from leaking refinery equipment are
reduced through a combination of equipment modifications and leak detection and repair
(LDAR). Equipment modifications are controls added to equipment to reduce emissions, such as
closed vent systems, and using leakless equipment. Leak detection and repair involves monitoring
components with a hydrocarbon analyzer, identifying components that leak above the leak

definition levels specified in the equipment leak standard, and subsequently repairing the leak.

Several equipment leak control programs were reviewed for thisanalysis. The federal

programs that are the most stringent include:

. The hazardous organic NESHAP (HON) (40 CFR Part 63 Subpart H),
. The petroleum refinery NESHAP for new sources (40 CFR Part 63 Subpart CC), and

. The refinery NSPS (40 CFR Part 60 Subpart GGG).

The petroleum refinery NESHAP for existing sources allows refineries to comply with either the
petroleum refinery NESHAP for new sources or the NSPS. The petroleum refinery NESHAP for
existing sources was not included as a separate control level in this analysis because both of the

two rulesit references were included.

Appendix Table B-2 summarizes the most relevant aspects and requirements of the federa
equipment leaks control programs. In general, the HON requires monthly monitoring of values
and pumps (with decreasing frequency for good performance), aleak definition (i.e., the VOC
concentration level that indicates aleak) of 10,000 ppmv reducing to 500 ppmv, and annual
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connector monitoring. The refinery NESHAP for new sources has the same requirements as the
HON, except connector monitoring is not required. The NSPS requires monthly monitoring of
valves and pumps at aleak definition of 10,000 ppmv. The NSPS allows less frequent monitoring
of valves for good performance, but requires pumps to be monitored monthly with no decreasing
frequency. Unlike the HON and refinery NESHAP for new sources, the NSPS leak definition
does not decrease from 10,000 ppmv for monitored equipment. Use of some non-leaking

equipment is also alowed or required.

The most stringent State or regional equipment leaks control programs reviewed were
ones required in California’ s South Coast Air Quality Management District (SCAQMD)
(Rule 1173), and Bay Area Air Quality Management District (BAAQMD) (Rule 8-18).
However, the equipment leak standards from California were not included in this analysis because
they are based on a different leak detection methodology. This difference is significant enough
that the California standards cannot accurately be compared to the Federal regulations. The
limited comparisons that can be made indicate that the HON and new source refinery NESHAP
standards may be more stringent than the SCAQMD and BAAQMD equipment leak rules.

3. BACT Analysis Step 2 - Eliminate technically infeasible options

None of the control options were determined to be infeasible. All require the same types

of monitoring equipment or modifications.

4. BACT Analysis Step 3 - Rank remaining technologies by control efficiency

Table 4-2 presents the reductions achieved by applying (1) the HON rule, (2) the refinery
NESHAP for new sources, and (3) the refinery NSPS to uncontrolled hydrogen units and
hydrotreating units at small and large refineries. The percent reductions vary between these two
types of units and between large and small refineries because equipment component counts vary.
The table shows that the HON is the most stringent followed by the refinery NESHAP for new
sources and the refinery NSPS. Detailed calculations used for the rankings are presented in
Appendix Tables B-3A through B-3D.



The primary difference between the HON rule and the refinery NESHAP new source
standards is that the HON requires connector monitoring while the refinery NESHAP does not.
The refinery NSPS is less stringent than either the HON or the refinery NESHAP for new sources
because of differences such as monitoring frequencies for pumps, requirements for connectors,
and the level that constitutes a leak.

VOC emission reductions were calculated by applying the reduction efficiencies per
component that are provided in the 1995 Protocol for Equipment L eak Emission Estimates and

background memoranda for the petroleum refinery NESHAP.** For componentsin aLDAR
program, the reductions are based on the type of equipment monitored, type of stream the
equipment is servicing, the monitoring frequency of the equipment, and the level that constitutes a
leak (e.g., valvesin light liquid service that are monitored monthly at aleak definition of 10,000
ppm VOC have areduction efficiency of 76 percent). Equipment modifications were assigned the
emission reduction provided in the documents. Percent reductions for a process unit subject to a
particular standard were calculated by summing the reductions for each component and dividing

by the total uncontrolled emissions from the process unit.

Table4-2. BACT Control Hierarchy for Equipment L eaks

Range of
Pollutant Control Program Control (%)?
VOC HON 92-96
Petroleum refinery NESHAP for new sources 91-95
Petroleum refinery NSPS 81-88
Baseline Alternative
HAP HON 92-96
Petroleum refinery NESHAP for new sources 91-95
Petroleum refinery NSPS 81-88
Baseline Alternative —

& Range represents control of hydrotreating units and hydrogen plants at
small and large refineries.

5. BACT Analysis Step 4 - Evaluate most cost effective controls

Figures 4-1 and 4-2 present the annualized cost of each control program and the

associated emission reductions for large and small hydrotreating units, respectively. Figures 4-3
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and 4-4 present the same information for hydrogen plants. The figures show that the refinery
NSPSis an economically inferior option in al cases. The HON rule and the refinery NESHAP for
new sources are on the envelope of least-cost aternatives. Therefore, incremental cost

effectiveness of these two options are examined in detail.

Table 4-3 presents the comparison of VOC emission reductions, annualized cost, average
cost effectiveness, and incremental cost effectiveness for the HON rule and the refinery NESHAP
for new sources. The table also presents potential HAP reductions from each rule. The HAPs

include benzene, toluene, xylene, ethylbenzene, and hexane.

Annualized costs were calculated as the sum of capital recovery, annual operating
expenses, and recovery credits. Capital recovery was calculated assuming a 7 percent interest
rate over the life of the equipment. In most cases equipment life was assumed to be 10 years.
Capital expenses that were annualized include equipment modifications (e.g., closed vent systems

on compressors) and initial LDAR expenses (e.g., tagging and identifying equipment,
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Equipment Leak Control Levels for Small Hydrogen Units - Costs and Reductions
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Table 4-3. Summary of Top-Down BACT Impacts Analysis Results for Equipment L eaks

Economic | mpacts

Environmental | mpacts

Total Average | Incremental Adverse
Pollutant/  |[Emissions Emission |Percent |[Annualized Cost- Cost HAP Environmental
Emission Unit/ Control Emissions |Reductions| Reducti Cost Effectiveness | Effectiveness [ Reductions Impacts
Unit Size Alternative (tpy) (tpy) on ($lyr) ($/ton VOC) | ($/ton VOC) (tpy) (Yes/No)
Large Refinery? |[HON 9 124 94% 34,539 278 1,963 22 No No
\VOC/ New source refinery 12 120 91% 27,321 227 227 21 No No
Hydrotreater NESHAP
Baseline 133
(uncontrolled)
Small HON 6 71 92% 10,701 |151 434 12 No No
Refinery®
\VOC/ New source refinery 7 70 91% 10,086 |145 145 12 No No
Hydrotreater NESHAP
Baseline 77
\VOC/ Large Refinery? HON 5 126 96% 12,847 102 1,963 No No
Hydrogen New source refinery 6 125 95% 11,312 91 91 No No
Unit NESHAP
Baseline 131
Small HON 3 69 96% 6,794 99 434 No No
\VOC/ Refinery®
Hydrogen New source refinery 3 68 95% 6,470 95 95 No No
Unit NESHAP
Baseline 71

2 Refinery with a crude capacity > 50,000 bbl/sd.
b Refinery with a crude capacity < 50,000 bbl/sd.




initial monitoring, data collection systems, initial repair, etc.). Annua costs include miscellaneous
costs, maintenance costs, and operating costs for the LDAR program (such as

monitoring, datalogging, visual inspection, repair, etc.) A more detailed description of the cost
components and factors used can be found in background information used in the petroleum
refinery NESHAP and in EPA guidance documents.*** The base year of the costs is first quarter
1992. All costs were escaated to 1999 dollars using the Chemical Engineering cost index.*

Savings in process fluid from applying each control program are calculated as credits to
the annual cost (i.e., subtracted from the cost). The credit factor ($215/Mg V OC reduced) was
based on a 1982 EPA analysis,***" and was extrapolated to 1999 dollars by taking the ratio of
crude oil prices from 1999 to 1982.%%°
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50 OTHER POLLUTANTSAND EMISSION SOURCES

1. Would PM emissions from refineries increase?

Generdly, it is not expected that PM emission increases will occur due to the increasesin
hydrotreating capacity. It isexpected that heaters added for new hydrotreating units and
hydrogen plants will burn natural gas or refinery gas, and PM emissions from these units will be
negligible. However, if arefinery adds a heater that burns fuel oil, PM emissions should be
assessed. PM emission estimates can be performed using emission factors found in AP-42.
Hydrotreaters, hydrogen plants, amine treatment units, sulfur plants, and tail gas units do not

include any significant sources of PM emissions, other than oil-fired heaters.

2. Would CO emissions from refineries increase?

New process heaters added for new hydrotreating units and hydrogen plants will emit CO.
The amount of CO emissions increase will depend on the size of the heaters added. An emission
factor derived from process heater test data could not be found, but EPA’s compilation of
emission factors, AP-42*, provides emission factors for external combustion sources. The
emission factors presented in AP-42 are based on test data for boilers and are considered
acceptable for estimating emissions from process heaters when process heater data are not
available. Anemission factor of 0.0824 Ib/MMBtu, which is the factor for small (less than
100 MMBtu/hr) boilers burning natural gas, was used to estimate CO emissions from process
heaters burning natural gas or refinery fuel gas. Applying this emission factor, we estimated that a
refinery would have to add 277 MMBtu/hr of total heater capacity to potentially increase CO
emissions to the PSD significance level of 100 tons per year. Only avery large refinery adding a
hydrotreating unit to treat the FCCU feed stream (rather than the gasoline streams) would be

likely to increase CO emissions from new heaters above the PSD significance level.

3. Would the process changes require more energy and increase power plant emissions?

New hydrotreater units and associated increases in capacity of hydrogen plants, amine

treatment units, and sulfur recovery units will demand more energy in the form of steam and
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electricity. Steam is used in the hydrotreating and hydrogen reforming processes as well asin the
operation and maintenance of refinery equipment. Electricity is needed to power refinery
equipment, such as pumps and monitoring and control equipment, in addition to being required
for general refinery operations. The EPA has estimated electricity demand to be 1.69 kilowatt-
hours per barrel (kWh/Bhbl) for hydrogen plants and to range from 0.44 to 1.55 kwWh/Bbl for
hydrotreating units.** Steam and electricity are expected to be supplied by arefinery power plant.
Refinery power plants produce steam and generate electricity using boilers fired with natural gas,
refinery gas, or fuel oil. The increased demand for steam and e ectricity will mean increased boiler
operation and, potentialy, increased boiler emissions. It is unlikely that new boilers would need
to be added, but existing boilers would burn more fuel. Previous NSR and PSD permitting
guidance should be consulted to determine whether or not the specific situation at a refinery
power plant would be considered a change in method of operation and require a calculation of
emissions increases. Emission factors to estimate increases in NO,, CO, SO,, and PM from
boilers are available in AP-42.*° Because boilers are widely used in industrial processes and are
often a source of significant increases of criteria pollutants, PSD permitting for boilersis well-

understood and documented. Therefore, boilers are not discussed further in this document.
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Appendix A

NO, Controls Analysis

A.1 Vendor Information

A.2 Cost Calculations



A.1Vendor Information

The following vendor information is contained in Appendix A.1.

. Teleconference between Jason Huckaby, ERG, Inc. and H. Van Alstine, Koch Industries
(John Zink Company), October 20, 1999 and November 9, 1999.

. Letter from Russell Goerlich, CRI Cataysts, Inc. to Roy Oommen, ERG, Inc. November
24, 1999.

. Teleconference between Roy Oommen, ERG, Inc. and Tim Shippey, Peerless Mfg. Co.
December 3, 1999.

. E-mail message “Up Fired heater burners’ from Jm Thornton, Carolina Combustion
Resouces, Inc. to Jason Huckaby, ERG, Inc. October 28, 1999.

. Excerpt from confidential memo from a process heater equipment manufacturer.

Copies of vendor submitted information are not available electronically.



A.2 Cost Calculations



Appendix A.2.1 Combustion Control Cost Calculations

Standard Burner
Capital Costs
Heater Standard Purchased  Total Annual
Size Number of | Burner  Equipment Capital Costs
(MMBtu) | Burners® | Price ($)° Cost ($)° Cost ($)] (siyn°
10 1 3,333 3,333 3,433 489
50 5 2,838 14,189 14,615 2,081
75 7 2,744 19,207 19,784 2,817
150 15 2,543 38,138 39,282 5,593
350 35 2,336 81,760 84,213 11,990
Combustion Control Burner
Capital Costs
Annual
Heater Purchased  Total Annual Cost
Size Number of | Price per Equipment Capital Costs Differential
(MMBtu) | Burners® | Burner ($)° Cost ($)° Cost ($)*]  (siyn° ($hyr)'
10 1 5,000 5,000 5,150 733 244
50 5 4,257 21,283 21,922 3,121 1,040
75 7 4,116 28,811 29,675 4,225 1,408
150 15 3,814 57,207 58,924 8,389 2,796
350 35 3,504 122,640 126,319 17,985 5,995

& As per vendor advice.

® See Appendix A.1 for vendor supplied information. Burner price was calculated by multiplying the single burner price by:
[(# burners)™0.9/(# burners)] to account for economy of scale pricing, per vendor data.

¢ Calculated by multiplying price per burner and number of burners. Assumes no installation in excess of standard burner installation costs.
4 Calculated assuming 3% tax rate on purchased equipment cost (PEC).

® The only annual costs expected for combustion control are burner capital recovery costs (e.g., no additional operating and maintenance costs over a standard burner). Capital
recovery costs were calculated assuming 7% interest rate over 10 year life.

" The difference in total annualized cost between the best performing lower NOx burner (29 ppmv) and standard burner costs.

9 Calculated assuming that standard burner price is equivalent to 2/3 the cost of the best performing lower NOx burner, per vendor advice.



Appendix A.2.2 SCR Cost Calculations

Capital Cost® Annual Cost

Heater Average Fan and Ductwork Total 1.5% Ductwork Total

SCR NOx Inlet] Capacity Capital Cost Capital Installation Taxesand ~Ammonia Motor Capital Capital Capital Recovew(ﬂs/yr)d Ammonia  Fuel Penalty Annual Costs Taxes, Ins, | Annual
Vendor® | Level” |(MMBtu/hr) Low High Cost ($) Cost ($) _ Shipping ($) Storage ($) | Capital Cost Cost Cost ($) Equipment Catalyst Fan and Motor Duct work Total Cost ($lyn)° ($lyn' ($lyn° Admin ($/yn)"|Cost ($iyr)
Vendor 1 | 29 ppmv 10 150,000 175,000 162,500 81,250 4,875 16,250 900 4,574 264,875 15,001 25,840 85 432 41,358 171 3,995 345 10,595 56,463
50 175,000 210,000 192,500 96,250 5,775 19,250 4,484 9,712 313,775 17,771 30,611 423 917 49,721 855 19,973 715 12,551 83,815
75 215,000 240,000 227,500 113,750 6,825 22,750 6,729 11,746 370,825 21,002 36,176 635 1,109 58,922 1,282 29,959 859 14,833 105,856
150 240,000 290,000 265,000 132,500 7,950 26,500 13,459 16,253 431,950 24,464 42,139 1,270 1,534 69,408 2,564 59,918 1,179 17,278 150,348|
350 300,000 375,000 337,500 168,750 10,125 33,750 31,400 24,171 550,125 31,157 53,668 2,964 2,282 90,070 5,984 139,810 1,734 22,005 259,603
Vendor 2 | 29 ppmv 10 106000 ! 3180 10600 900 4,574 119,780 10,976 854 85 432 12,346 171 3,995 345 3,593 20,450}
50 178000 ! 5340 17800 4,484 9,712 201,140 17,382 4,146 423 917 22,868 855 19,973 715 6,034 50,445
75 228000 ! 6840 22800 6,729 11,746 257,640 21,865 6,341 635 1,109 29,950 1,282 29,959 859 7,729 69,780
150 342000 ! 10260 34200 13,459 16,253 386,460 31,759 12,195 1,270 1,534 46,758 2,564 59,918 1,179 11,594 122,014
350 470000 ' 14100 47000 31,400 24,171 531,100 40,221 25,608 2,964 2,282 71,075 5,984 139,810 1,734 15,933 234,535

Summary of Total Annual Costs for Control Technology Combinations

MD ND
Combustion Control + SCR Combustion Control + SCR
Heater Combustion Combustion
Capacity Control Control ND/MD cost
(MMBtu/hr) | SCR Cost! Cost* Total | SCRCost  Cost* differential’ Total
10 38,457 244 38,701 38,457 244 1,699 40,400
50 67,130 1,040 68,170 67,130 1,040 3,540 71,710
75 87,818 1,408 89,226 87,818 1,408 4,248 93,474
150 136,181 2,796 138,977 136,181 2,796 4,956 143,933
350 247,069 5,995 253,064 247,069 5,995 5,664 258,728

2 Information from vendors is provided in Appendix A.1.

® Costs are based on inlet levels corresponding to 33 ppmv as provided by vendors. This may slightly overestimate costsfor calculations at 29 ppmv which was used in this analysis.

° Total capital cost components include purchased equipment, installation, taxes and freight, ammonia storage, fan and motor, and ductwork costs. Purchased equipment costs include ammonia injection grid, blower, control valves,
controls, and catalyst. Purchased equipment costs for vendor 1 were calculated as the average of the range of costs provided by vendor 1. Installation costs were included in vendor 2 quotes, and calculated for vendor 1 to be 50% of
purchased costs (based on vendor data). Taxes and freight costs were calculated as 3% of purchased equipment costs. Ammonia storage costs were calculated to be 10% of purchased equipment costs based on data provided by

vendor 1. Fan, motor, and ductwork costs (purchased equipment, tax, and installation) were calculated using cost equations from the OAQPS Control Cost Manual (OCCM) (fan and motor) and control cost spreadsheet programs
available from U.S. EPA's TTN website (http://www.epa.govi/ttn/catc/products.html#cccinfo).

d Capital recovery was calculated assuming 7% interest rate over life of equipment and life of catalyst. Based on vendor data equipment life was assumed to be 20 years and catalyst life was assumed to be 5 years. Catalyst costs for
vendor 1 are 40% of capital costs and equipment costs are 60%, based on vendor 1 data. Catalyst costs for vendor 2 were provided for each heater size.

¢ Ammonia costs are calculated in Appendix A.2.3.

" Assumes that natural gas (1000 Btu/fts) must be purchased at $3.04/t (from Energy Information Administration, 1999 Natural Gas Prices by Sector (Preliminary), as found on
http://www.eia.doe.gov/oil_gas/natural_gas/info_glance/prices.html) .

9 Taken from OCCM. Includes fan electricity and other direct annual costs associated with fan and ductwork.

" Taxes, insurance, and administration costs were assumed to be 4% of the total capital cost, based on the OCCM.
! Installation costs included in capital cost estimates provided by vendor 2.

) SCR costs are the average of the costs provided by vendors for inlet NOXx levels of 29 ppmv.

X LNB costs are from LNB calculations in Appendix A.2.1.

! Calculated from process heater vendor data on capital cost difference between mechanical draft heaters and natural draft heaters. Annual costs are comprised only of capital recovery assuming 7% interest for 20 year service life of
heater. See Appendix A.1 for vendor information.



Appendix A.2.3 Calculation of Ammonia Cost for Combustion Control + SCR Control Cases

NOXx Inlet Level Ammonia
Heater Size Ammonia feedrate Cost
(MMBtu/hn) | (ppmv) | (Ib/MMBtu) (Ib NHg/hr)? ($/yr)°
10 29 0.035 0.13 171
50 29 0.035 0.65 855
75 29 0.035 0.98 1,282
150 29 0.035 1.95 2,564
350 29 0.035 4.55 5,984

& Calculated assuming 1:1 ratio of NOx to ammonia, ammonia molecular weight (MW) of 17, and
NOx MW of 46. This calculation assumes that additional ammonia will be injected beyond the
amount that would react with NOx to achieve the estimated emission reduction. This was done to
account for ammonia slip and incomplete mixing of ammonia and flue gas.

® Calculated using $300/ton cost for anhydrous ammonia. This value is the midpoint of the range of
costs as reported in the "Status Report on NOx Control Technologies and Cost Effectiveness for
Utility Boilers," NESCAUM/MARAMA, June 1998.
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VOC Equipnent Leaks Analysis

Calculation of Costs and Enission Reductions



Table B-1A. Uncontrolled Emissions from Hydrotreating Units

Large Refineries (crude capacities >50,000 bbl/sd) Small Refineries (crude capacities < 50,000 bbl/sd)
VOC VOC

Emission VOC HAP Emission VOC HAP
Factor?  Emissions  HAP* Emissions Factor’  Emissions ~ HAP* Emissions

Component Service Count® (kg/hricomp)  (tpy)° Percent (tpy) ° Count®  (kg/hricomp)  (tpy)® Percent  (tpy) °
Valves Gas 200 0.0268 52 15% 8 100 0.0268 26 15% 4
Heavy liquid 218 0.00023 0 5% 0 181 0.00023 0 5% 0
Light liquid 252 0.0109 27 23% 6 202 0.0109 21 23% 5
Pumps Heavy liquid 7 0.021 1 5% 0 5 0.021 1 5% 0
Light liquid 7 0.114 8 23% 2 5 0.114 6 23% 1
Compressors Gas 2 0.636 12 15% 2 2 0.636 12 15% 2
Connectors Gas 520 0.00025 1 15% 0 282 0.00025 1 15% 0
Heavy liquid 610 0.00025 1 5% 0 519 0.00025 1 5% 0
Light liquid 1361 0.00025 3 23% 1 443 0.00025 1 23% 0
Pressure relief Gas 10 0.16 15 15% 2 4 0.16 6 15% 1
devices Heavy liquid 7 0 0 5% 0 4 0 0 5% 0
Light liquid 17 0 0 23% 0 3 0 0 23% 0
Open-ended lines 329 0.0023 7 23% 2 15 0.0023 0 23% 0
Samplng connections 26 0.015 4 23% 1 6 0.015 1 23% 0
Total 3566 133 18% 23 1771 77 18% 13

Table B-1B. Uncontrolled Emissions from Hydrogen Units

Large refineries (>50,000 bbl/sd) Small refineries (<50,000 bbl/sd)
VOC vOoC
Emission VvOC Emission VvOC
Factor’  Emissions Factor’ Emissions

Component Service Count® (kg/hricomp)  (tpy)® Count®  (kg/hr/comp) (tpy)®
Valves Gas 317 0.0268 82 168 0.0268 43
Heavy liquid 0 0.00023 0 0 0.00023 0
Light liquid 105 0.0109 11 41 0.0109 4
Pumps Heavy liquid 0 0.021 0 0 0.021 0
Light liquid 10 0.114 11 3 0.114 3
Compressors Gas 2 0.636 12 2 0.636 12
Connectors Gas 252 0.00025 1 304 0.00025 1
Heavy liquid 0 0.00025 0 0 0.00025 0
Light liquid 148 0.00025 0 78 0.00025 0
Pressure relief Gas 6 0.16 9 4 0.16 6
devices Heavy liquid 0 0 0 0 0 0
Light liquid 139 0 0 2 0 0
Open-ended lines 59 0.0023 1 8 0.0023 0
Samplng connec. 21 0.015 3 4 0.015 1
Total 1059 131 614 71

1 Taken from memorandum “"Development of the Petroleum Refinery Equipment Leaks Data Base", March 9, 1994. Item A-93-48, 1I-B-22 from Petroleum Refinery NESHAP Docket
2 Taken from 1995 Protocol for Equipment Leak Emission Estimates. U.S. Environmental Protection Agency. Research Triangle Park, North Carolina, 1995

3 Calculated assuming 24 hours a day and 365 days a year of operation.

4 Taken from memorandum "Development of the Petroleum Refinery Equipment Leaks Data Base", March 9, 1994. ltem A-93-48, 1I-B-22 from Petroleum Refinery NESHAP Docket
5 HAP emissions from sampling connections and open-ended lines were calculated assuming HAP composition for light liquid streams.
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Table B-2. Controls Required by Equipment Leak Control Programs

Petroleum Refinery

Equipment Type Service Petroleum Refinery NSPS NESHA for New HON Negotiated Rule
Sources
Valves Gas Monthly LDAR @10,000; Same asHON Monthly LDAR with > 2%lealers
Decreasig frequency with good Quarterly LDAR with < 2% lealers;
performance Decreasing frequency with good
performance; Intially @10,000 ppm
annudly @500 ppm
Light liquid Monthly LDAR @10,000; Same asHON Monthly LDAR with > 2%lealers
Decreasig frequency with good Quarterly LDAR with < 2% lealers;
performance Decreasing frequency with good
performance; Intially @10,000 ppm
annudly @500 ppm
Pumps Light liquid Monthly LDAR @10,000 ppm | Same asHON Monthly LDAR; WeeHy visual
Weeklyvisual insgction; or inspection; Leak dfinition decreases
dual mecharical seak with from 10,000 ppmor dwal mechancal
cortrolled degssirg vents seals closedert system
Compressors Gas Daily visual inspection Dual Sane as HON Daily visual inspection Dual mechanical
mecharical seal vith barrier seal wth barrier fuid ard closedvert
fluid ard closedvent systemor systemor neintained at a tgher pressue
maintained at a kgher pressve thanthe conpressed gs
thanthe conpressed gs
Connectors Gas and light liquid None None Annud LDAR @500 ppmwith > 0.5%
leakers; Decreasmfreqency with good
performance
Pressue reliefdevices Gas No detectable erssiors Sanme as HON No detectable erssiors or closedrert
system
Sampling comecions All Closed-oop or h situ sampling Same asHON Closed{oop, cbsedpurge, clossdvert or
in situ sampling
Open-ended lines All Cap, blind flange plug, or Same as HON Cap, blind flange plug, or second vave

second valve




Table B-3A. Emissions and Reductions from Hydrotreating Units for Large Refineries (crude capacities >50,000 bbl/sd)

Refinery NSPS

Refinery NESHAP for New Sources

HON Negotiated Rule

VOC vVOoC VOC
LDAR' Emission Emissions post control| LDAR* Emission  Emissions post control| LDAR' Emission Emissions post control
Reduction Reduction VvOC HAP Reduction Reduction VOC HAP Reduction Reduction VvOC HAP

Component Service Efficiency  (Mglyr) (Mglyr) (Mglyr) | Efficiency (Mglyr) (Mglyr) (Mglyr) | Efficiency  (Mglyr) (Mglyr) (Mglyr)
Valves Gas 88 46 6 1 96 50 2 0 96 50 2 0
Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0
Light liquid 76 20 6 1 95 25 1 0 95 25 1 0
Pumps Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0
Light liquid 68 5 2 1 88 7 1 0 88 7 1 0
Compressors Gas 100 12 0 0 100 12 0 0 100 12 0 0
Connectors Gas 0 0 1 0 0 0 1 0 81 1 0 0
Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0
Light liquid 0 0 3 1 0 0 3 1 81 3 1 0
Pressure relief Gas 100 15 0 0 100 15 0 0 100 15 0 0
devices Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 0 0 0 0 0 0
Open-ended lines 100 7 0 0 100 7 0 0 100 7 0 0
Samplng connec. 100 4 0 0 100 4 0 0 100 4 0 0
Total 100 110 23 4 100 120 12 2 100 124 9 1

Table B-3B. Emissions and Reductions from Hydrotreating Units for Small Refineries (crude capacities <50,000 bbl/sd)
Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule
VvOC vVOC VvOC
LDAR' Emission Emissions post control LDAR? Emission  Emissions post control LDAR' Emission Emissions post control
Reduction Reduction vVOC HAP Reduction Reduction VOC HAP Reduction Reduction vVOC HAP

Component Service Efficiency  (Mglyr) (Mglyr) (Mglyr) | Efficiency (Mglyr) (Mglyr) (Mglyr) | Efficiency  (Mglyr) (Mglyr) (Mglyr)
Valves Gas 88 23 3 0 96 25 1 0 96 25 1 0
Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0
Light liquid 76 16 5 1 95 20 1 0 95 20 1 0
Pumps Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0
Light liquid 68 4 2 0 88 5 1 0 88 5 1 0
Compressors Gas 100 12 0 0 100 12 0 0 100 12 0 0
Connectors Gas 0 0 1 0 0 0 1 0 81 1 0 0
Heavy liquid 0 0 1 0 0 0 1 0 0 0 1 0
Light liquid 0 0 1 0 0 0 1 0 81 1 0 0
Pressure relief Gas 100 6 0 0 100 6 0 0 100 6 0 0
devices Heavy liquid 0 0 0 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 0 0 0 0 0 0
Open-ended lines 100 0 0 0 100 0 0 0 100 0 0 0
Samplng connec. 100 1 0 0 100 1 0 0 100 1 0 0
Total 100 62 14 3 100 70 7 1 100 71 6 1

1 Taken from memorandum " Comparison of Emission Reduction Efficiencies for Equipment Leak Control Programs”, July 26, 1995. Item A-93-48, IV-B-9 from Petroleum Refinery NESHAP Docket
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Table B-3C. Emissions and Reductions from Hydrogen Units for Large Refineries (crude capacities >50,000 bbl/sd)

Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule

vVOoC VOC vVOoC VOC vVOoC vVOoC
LDAR! Emission Emissions| LDAR'  Emission Emissions | LDAR' Emission Emissions
Reduction Reduction post control| Reduction Reduction post control| Reduction Reduction post control

Component Service Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) Efficiency (tpy) (tpy)
Valves Gas 88 72 10 96 79 3 96 79 3
Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 76 8 3 95 10 1 95 10 1
Pumps Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 68 7 4 88 10 1 88 10 1
Compressors Gas 100 12 0 100 12 0 100 12 0
Connectors Gas 0 0 1 0 0 1 81 0 0
Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 81 0 0
Pressure relief Gas 100 9 0 100 9 0 100 9 0
devices Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 0 0 0
Open-ended lines 100 1 0 100 1 0 100 1 0
Sampling connec. 100 3 0 100 3 0 100 3 0
Total 87 114 17 95 125 6 96 126 5

Table B-3D. Emissions and Reductions from Hydrogen Units for Small Refineries (crude capacities <50,000 bbl/sd)

Refinery NSPS Refinery NESHAP for New Sources HON Negotiated Rule
VOC VvOC VOC VvOC VOC VOC
LDAR' Emission Emissions | LDAR Emission Emissions | LDAR' Emission Emissions
Reduction Reduction post control| Reduction Reduction post control| Reduction Reduction post control

Component Service Efficiency (tpy) (tpy) Efficiency (tpy) (tpy) Efficiency (tpy) (tpy)
Valves Gas 88 38 5 96 42 2 96 42 2
Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 76 3 1 95 4 0 95 4 0
Pumps Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 68 2 1 88 3 0 88 3 0
Compressors Gas 100 12 0 100 12 0 100 12 0
Connectors Gas 0 0 1 0 0 1 81 1 0
Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 81 0 0
Pressure relief Gas 100 6 0 100 6 0 100 6 0
devices Heavy liquid 0 0 0 0 0 0 0 0 0
Light liquid 0 0 0 0 0 0 0 0 0
Open-ended lines 100 0 0 100 0 0 100 0 0
Samplng connec. 100 1 0 100 1 0 100 1 0
Total 88 63 8 95 68 3 96 69 3

1 Taken from memorandum " Comparison of Emission Reduction Efficiencies for Equipment Leak Control Programs”, July 26, 1995. Item A-93-48, IV-B-9 from Petroleum Refinery NESHAP Docket

appendixbl.xls Page 1 2/4/00



